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a b s t r a c t

Cold production is a challenge in the case of heavy oil because of its high viscosity and poor fluidity in
reservoir conditions. Alkaliecosolventepolymer flooding is a type of microemulsion flooding with low
costs and possible potential for heavy oil reservoirs. However, the addition of polymer may cause
problems with injection in the case of highly viscous oil. Hence, in this study the feasibility of alkali
ecosolvent (AC) flooding in heavy oil reservoirs was investigated via several groups of experiments.
The interfacial tension between various AC formulations and heavy crude oil was measured to select
appropriate formulations. Phase behavior tests were performed to determine the most appropriate
formulation and conditions for the generation of a microemulsion. Sandpack flooding experiments were
carried out to investigate the displacement efficiency of the selected AC formulation. The results showed
that the interfacial tension between an AC formulation and heavy oil could be reduced to below
10�3 mN/m but differed greatly between different types of cosolvent. A butanol random polyether series
displayed good performance in reducing the watereoil interfacial tension, which made it possible to
form a Type III microemulsion in reservoir conditions. According to the results of the phase behavior
tests, the optimal salinity for different formulations with four cosolvent concentrations (0.5 wt%, 1 wt%,
2 wt%, and 3 wt%) was 4000, 8000, 14000, and 20000 ppm, respectively. The results of rheological
measurements showed that Type III microemulsion had a viscosity that was ten times that of water. The
results of sandpack flooding experiments showed that, in comparison with waterflooding, the injection
of a certain AC formulation slug could reduce the injection pressure. The pressure gradient during
waterflooding and AC flooding was around 870 and 30e57 kPa/m, respectively. With the addition of an
AC slug, the displacement efficiency was 30%e50% higher than in the case of waterflooding.
© 2022 The Authors. Publishing services by Elsevier B.V. on behalf of KeAi Communications Co. Ltd. This
is an open access article under the CC BY-NC-ND license (http://creativecommons.org/licenses/by-nc-nd/

4.0/).
1. Introduction

Heavy oil resources are abundant throughout the world. Ac-
cording to statistics, the total reserves of crude oil worldwide are
about 9e11 trillion barrels, of which heavy oil and bitumen re-
sources comprise about two-thirds. Canada and Venezuela possess
40% of the world's heavy oil and bitumen resources (Dong et al.,
2019; Li et al., 2021). In contrast to light oil, heavy oil has high
viscosity and low fluidity as a result of its high contents of resin and
asphaltene. Therefore, reducing viscosity and improving fluidity are
y Elsevier B.V. on behalf of KeAi Co
the main methods used to develop heavy oil resources. Considering
the temperature sensitivity of the characteristics of heavy oil,
thermal recovery has always been the main method used for the
recovery of heavy oil. The disadvantages of thermal oil recovery are
high energy consumption and massive emissions of greenhouse
gases. Therefore, cold production, which involves low energy con-
sumption and causes little pollution, has gradually attracted
attention. In recent years, the policy of reducing carbon dioxide
emissions and CO2 has a characteristics of miscibility with oil under
certain conditions make gas flooding with CO2 injection become
themainmethod for oil development and enhance oil recovery. The
success of CO2 injection for improving shale oil recovery has been
reported in many studies (Jin et al., 2017; Jia et al., 2019). An
important reason is nanoporous structure of shale can increase the
adsorption of CO2 (Sander et al., 2020). Jia et al. also found that the
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http://creativecommons.org/licenses/by-nc-nd/4.0/
http://creativecommons.org/licenses/by-nc-nd/4.0/
mailto:liyibo@swpu.edu.cn
http://crossmark.crossref.org/dialog/?doi=10.1016/j.petsci.2022.12.001&domain=pdf
www.sciencedirect.com/science/journal/19958226
www.keaipublishing.com/en/journals/petroleum-science
https://doi.org/10.1016/j.petsci.2022.12.001
http://creativecommons.org/licenses/by-nc-nd/4.0/
https://doi.org/10.1016/j.petsci.2022.12.001
https://doi.org/10.1016/j.petsci.2022.12.001


Y.-B. Li, H.-F. Jia, W.-F. Pu et al. Petroleum Science 20 (2023) 1608e1619
adsorption outweights molecular diffusion when considering the
injection rate of CO2 (Jia et al., 2022). Considering the large pore
structure of conventional heavy oil reservoirs and the large vis-
cosity difference between CO2 and heavy oil, gas channel is easy to
occur after CO2 injection into heavy oil reservoir, which will result
in an unsatisfactory sweep efficiency. This makes CO2 flooding in
heavy oil reservoirs questionable.

Recently, chemical flooding is the most popular conventional
method used for cold production of heavy oil because of its good
performance in reducing interfacial tension (IFT) and emulsifying
and thus reducing the viscosity of heavy oil (Hirasaki et al., 2011;
Liu et al., 2020). In China, oil production via enhanced oil recovery
(EOR) accounted for 15%e18% of total oil production in recent years,
and chemical flooding is currently the main method of EOR (Guo
et al., 2018a, b; Li et al., 2021). According to statistics, oil produc-
tion by chemical flooding accounted for 1.51% of total oil production
worldwide, and in China this proportion has already reached
54.72% (Liu et al., 2020). The mechanism of viscosity reduction and
EOR methods of heavy oil has been revealed through displacement
experiments of different dimensions in laboratory (Wei et al., 2020;
Guerrero et al., 2021). Alkaliesurfactantepolymer (ASP) flooding
has always been the main technique used for chemical flooding
because of its unique advantages of improving the macro-sweep
efficiency and micro-displacement efficiency. The addition of al-
kalis can also generate surfactants in situwith acidic components of
crude oil to increase the micro-displacement efficiency (Flaaten
et al., 2009; Fu et al., 2016; Nadeeka et al., 2018). Winsor defined
four kinds of phase behavior (Magzymov et al., 2016). Type III
microemulsion formed under suitable conditions has a high ability
to solubilize crude oil and is generally considered to have the
lowest IFT between any two phases among water, crude oil, and the
microemulsion. The IFT between two phases can be calculated
using the Huh equation (Huh, 1979).

The mechanism of ASP flooding has been studied by many re-
searchers in the laboratory in recent years (Abdelfatah et al., 2020;
Battistutta et al., 2015; Chen et al., 2018; Fu et al., 2016; Han et al.,
2019; Liyanage et al., 2012). The purpose of ASP flooding is to
generate a microemulsion in situ, which can reduce the watereoil
IFT and the viscosity of heavy oil and has a certain ability to solu-
bilize crude oil in reservoir conditions. The performance of ASP
flooding in harsh reservoir conditions (high temperature, high
salinity, and high brine hardness) has also been considered by
changing the structure of the surfactant and the type of alkali used
(Adkins et al., 2012; Lu et al., 2014a, b; Yang et al., 2010). Recently,
Quintero et al. found that microemulsion can repair of near-
wellbore fluid damage and dissolve asphaltene as a result of their
characteristics of high oil solubilization rates and low IFT with
crude oil (Quintero, 2020; Quintero et al., 2009, 2018). Because
microemulsion can dissolve asphaltene, the success of micro-
emulsion flooding in light oil reservoirs provided a new suggestion
for microemulsion flooding in heavy oil reservoirs. Some re-
searchers have carried out preliminary investigations of ASP
flooding in heavy oil reservoirs (Aminzadeh et al., 2016; Kumar
et al., 2012; Kumar Rahul and Mohanty, 2010; Pei et al., 2012;
Sim et al., 2014; Zhang et al., 2012). These studies showed the
strong potential of cold production in heavy oil reservoirs. More
than 30 years have passed since the first field application of ASP
flooding, and a fundamental understanding of its mechanism in
EOR has already been achieved. The first field application of ASP
flooding was reported in the United States in 1981, in which high-
pH alkaline silicates were injected to enhance micellar polymer
flooding, which was the earliest form of ASP flooding (Holm and
Robertson, 1981). The first real test of ASP flooding in the field
was in the West Kiehl Field, Wyoming, USA, in 1987 (Clark et al.,
1993). The successful application of ASP flooding in field testing
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recovered more than 26% of the original oil in place (OOIP) within
2.5 years.

However, the major disadvantage of ASP flooding is the high
cost of synthetic surfactants (Guo et al., 2018). Therefore, a novel
cold production technique termed alkaliecosolventepolymer
(ACP) flooding, which uses no synthetic surfactants, has been
developed. In comparison with ASP flooding, ACP flooding has
lower costs because it uses a cheaper cosolvent instead of a sur-
factant but has a similar oil displacement mechanism. By the gen-
eration of natural surfactant with acidic components of crude oil, a
Type III microemulsion can be formed with the cosolvent, natural
surfactant, salt, and heavy oil. The polymer in the ACP slug is only
used to increase the viscosity of the alkaliecosolvent (AC) formu-
lation in the slug and does not participate in the reaction with
heavy oil. Thus far, this technique has been validated by successful
cases in several studies, which demonstrated the high displace-
ment efficiency and low cost of ACP flooding (Aitkulov et al., 2016,
2017; Fortenberry et al., 2015; Sharma et al., 2018; Su et al., 2022).

As in the case of alkaline flooding, in order to generate a suffi-
cient amount of natural surfactant the acid number of crude oil
must be higher than 0.5 mg KOH/g oil (Graue and Johnson, 1974;
Raimondi et al., 1977; Schumi et al., 2020). The cosolvent plays
important roles in ACP flooding, such as promoting rapid equili-
bration, improving the phase behavior, broadening the optimal
salinity range, maintaining rheological characteristics, and
reducing the viscosity of the microemulsion (Chang et al., 2016; Pei
et al., 2014; Sahni et al., 2010; Tagavifar et al., 2017a, b;Walker et al.,
2012). The function of the polymer is to improve the injection
profile of the injected fluid. However, according to previous
research, the polymer is not involved in the reaction of crude oil
with the chemical formulation. In a heavy oil reservoir, the addition
of polymer may increase the difficulty of the injection of subse-
quent chemical slugs. On the other hand, it might affect the for-
mation time of the microemulsion. For example, in the case of
heavy oil reservoirs with a short well spacing, in particular, shallow
heavy oil reservoirs in China with a well spacing of 100e150 m, a
long reaction time is unfavorable. According to previous research,
the viscosity of amicroemulsion formedwith light oil is higher than
that of the oil itself, while the opposite is the case with heavy oil
(Tagavifar et al., 2017a, b; Walker et al., 2012). In order to perform
microemulsion flooding more effectively, it is usually combined
with a high-viscosity solution to design a multi-slug flooding
method (Najafi et al., 2017; Zhu et al., 2022). Adding polymer to the
chemical slug is the commonest method of mobility control. In
heavy oil reservoirs, decreases in reservoir permeability and in-
creases in displacement pressure drop caused by retention of the
polymer cannot be neglected. Thus, the chemical slug added
polymer should have an appropriate viscosity. According to the
results of most heavy oil polymer flooding and combined chemical
flooding in laboratory and field tests in recent years, the viscosity of
polymer slug is generally in the range of 10e30 mPa s (Delaplace
et al., 2013; Gao, 2011a, b; Rousseau et al., 2018; Wassmuth et al.,
2009; Wassmuth et al., 2007; Wu et al., 2011). For heavy oil,
chemical flooding does not need to target a mobility ratio of unity
to be efficient, but a tradeoff between mobility ratio and injectivity
(Delamaide et al., 2014). Wang et al. studied the oil-induced
viscoelastic behavior of an extended alkylpropoxy sulfate surfac-
tant. The results showed that the injected fluid with oil-induced
viscoelasticity provided not only ultralow oilewater IFT but also
highly favorable rheological characteristics such as acting as
polymer-free displacing agent which can possibly solve the prob-
lems of polymer injectivity and retention in heavy oil reservoirs
(Chen et al., 2019, 2021). In addition, ACP flooding of viscous oil
reservoirs was studied by numerical simulation using the UTCHEM
simulator with 2D sandpacks, which also showed that ACP flooding
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in heavy oil reservoirs is feasible (Aitkulov et al., 2017). All of the
abovementioned studies proved the great potential and feasibility
of AC flooding in heavy oil reservoirs.

The goal of this study was to develop an AC formulationwithout
adding polymer for shallow heavy oil reservoirs with a short well
spacing. We conducted tests of IFT and phase behavior between AC
formulations and heavy oil. It was found that the IFT between the
formulation and the heavy oil could be reduced to 10�3 mN/m and a
Type III microemulsion was formed between the formulation and
the heavy oil, which had an effect on fluidity control. Oil
displacement tests were carried out in sandpacks, and the effect of
the slug size was studied. Values of the main parameters, such as
the pressure drop and cumulative oil recovery, were recorded and
calculated. A high cumulative oil recovery and a reasonable pres-
sure drop demonstrated the superior performance of the selected
AC formulation.

Against the background of global warming and the high cost of
thermal recovery, AC flooding, with its low cost and high efficiency,
may represent a potential solution for cold production of heavy oil.
2. Experimental method

2.1. Materials

The heavy oil used in the experiments was kindly provided from
the N6 block of the Xinjiang Oilfield, China. The relationship be-
tween the viscosity of the oil and the temperature is shown in Fig. 1.
The viscosity of the oil was 1340 mPa s at 60 �C (current reservoir
temperature). The total acid number was 2 mg KOH/g oil. Owing to
the high acid number, an alkali could easily generate soap in situ.
Several novel cosolvents that mainly consisted of derivatives of
alcohols and ethers had high performance, which had been re-
ported in many studies (Chang et al., 2016; Fortenberry et al., 2015;
Nadeeka et al., 2018; Pei et al., 2014; Su et al., 2022). Therefore, in
this study a butanol random polyether (BPE) series and isobutanol
with ethylene oxide structure (IBA-xEO) series supplied by Haian
Petrochemical Co., Ltd. Located in Nantong, China were used in
primary screening of formulations. The molecular weights of the
BPE were 1000 (BPE-1000) and 1600 (BEP-1600). The cosolvents
were all hydrophilic with 10e30 ethoxy groups. The salinity of the
water post-flush was around 4000 ppm, and the salts consisted
primarily of NaCl. All brines were prepared by mixing laboratory-
grade salts with deionized water. Because of the absence of
Fig. 1. Relationship between viscosity of heavy oil and temperature.
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divalent ions, sodium carbonate (Na2CO3) was chosen as the alkali.
Sodium chloride and sodium carbonate with a purity of at least
99.5% were purchased from Chengdu Kelong Chemical, Chengdu,
China. To prepare the chemical slug, the alkali and cosolvent were
added to the brine.
2.2. Interfacial tension measurements

This step involved preliminary screening of formulations by
measuring the IFT between the AC solution and the heavy oil. The
alkaliecosolventebrine/oil IFT was determined using a spinning
drop tensiometer (KRÜSS Scientific, Hamburg, Germany). Oil
droplets and the AC solution were mixed and equilibrated at the
experimental temperature (60 �C). Owing to the reaction between
acidic components and the alkali, all themeasurements lasted for at
least 1 h. The instrument was equipped with image acquisition
software by which IFT values could be calculated automatically
according to parameters such as the volumes and diameters of the
oil droplets. Different types of cosolvent were used. Formulations
with ultralow IFT (of the order of 10�3 mN/m) would be considered
as candidates for further investigation.
2.3. Phase behavior tests

The thermal stability of AC formulations was tested at 60 �C, and
the aqueous stability was tested under conditions of different
salinity. Salinity scans were performed to observe the miscibility
between formulations and crude oil at reservoir temperature. Ex-
periments were first performed to study the phase behavior of AC
formulationeoil mixtures with changes in the alkali concentration.
Aqueous solutions were prepared by mixing 0.5e3 wt% cosolvent
with deionized water and alkali. The alkali concentration was var-
ied systematically. An aliquot of 4 mL of each sample was pipetted
into a thin graduated 10 mL borosilicate glass test tube with a
diameter of 15 mm and a length of 120 mm, which avoided the
capillary force that prevents crude oil and aqueous solutions from
completely mixing. The level of the aqueous AC formulation
without oil was recorded. Both the AC solution and the heavy oil
were preheated in an oven at reservoir temperature. Before both
the AC solution and the heavy oil had reached the predetermined
temperature, 2 mL heavy oil was added to each test tube and the
cap was tightened. The test tubes were then placed in an oven at
reservoir temperature. To ensure that the heavy oil and AC solution
were thoroughly mixed, all the samples were shaken once a day
during the first few days. The phase behavior was then observed.
2.4. Rheological characteristics of microemulsion

In the absence of polymer, AC flooding incurs the risk of early
water breakthrough as a result of the ultralow IFT. The viscosity of
microemulsion was therefore measured to investigate the possi-
bility of controlling the profile by an increase in viscosity. The
rheological parameters of microemulsion were measured using a
SmartPave dynamic shear rheometer (Anton Paar Co., Ltd, Graz,
Austria). When the samples used for phase behavior testing were
equilibrated, a syringe with a long needle was used to extract the
microemulsion from the test tubes. A sample of about 2 mL was
needed to complete a rheological test. A cone-and-plate geometry
was used to measure viscosity at different shear rates at a fixed
temperature. The viscosity was measured at shear rates ranging
from 0.1 to 1000 s�1. In order to exclude the influence of temper-
ature on the phase behavior of microemulsion, all operations were
carried out at 60 �C.
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2.5. Sandpack flooding tests

Sandpack flooding tests were performed to test the performance
of AC formulations in porous media. The pressure drop and re-
covery rate were considered as the main parameters. In order to
prepare sandpacks for the flooding tests, a steel tube with a length
of 0.45m and a diameter of 0.02mwas packedwith 60mesh quartz
sand. All fluid that entered a sandpack was pumped through an
ISCO pump, which could control the injection flow rate, volume,
and pressure. All preparation and displacement procedures were
performed at 60 �C. The porosity was approximately 27.1%e35.5%.
The permeability of sandpacks (1e2 D) was determined by inject-
ing brine at 0.5 mL/min through the sandpacks and measuring the
pressure drop between the two ends of the sandpacks using a
Ps6000-3151 series intelligent pressure transmitter (Guangzhou
Parsen Industrial Technology Co., Ltd, Guangzhou, China). Then the
sandpacks were inverted, placed vertically, and saturated with
crude oil at a rate of 0.1 mL/min. The properties of the sandpacks
and injection slug parameters are shown in Table 1. Then the
sandpacks were placed horizontally for displacement. AC flooding
with different slug sizes followed by a 0.3e1 pore volume (PV)
water post-flush was implemented to investigate the performance
of the screened formulations. For comparison, a set of secondary
waterflooding experiments was carried out. The AC formulation
slug consisted of 3 wt% cosolvent and 2 wt% Na2CO3. The water
post-flush slug contained 4000 ppm NaCl. The injection velocity in
both AC flooding and the water post-flush was 0.025 mL/min,
which corresponded to a field rate of 0.3 m/day. All sandpack
flooding experiments were terminated at a water cut of 99%.
3. Results and discussion

3.1. Measurements of interfacial tension

To screen the appropriate AC solution for reducing IFT, the IFT
between the oil and the alkali solution at concentrations of five
types of cosolvent ranging from 0.5 to 3 wt% was measured and is
plotted as a function of the Na2CO3 concentration in the range from
0 to 6 wt% in Fig. 2. At the same cosolvent concentration, the same
trend was observed, namely, that the IFT value decreased first and
subsequently increased with an increase in the alkali concentra-
tion. The minimum IFT value occurred at an alkali concentration of
1 wt% or 2 wt% Na2CO3. In the cases of the formulations containing
any concentration of BPE-1000 and 2 wt% Na2CO3, the IFT could be
reduced to the order of 10�3 mN/m, which was considered as ul-
tralow. It can be observed that the IFT between an AC formulation
containing 3 wt% BPE-1000 and heavy oil can be reduced greatly.
The performance of the AC formulations containing the other four
types of cosolvent was not as good as that of the AC formulation
Table 1
Properties of the sandpacks and injection slug parameters.

Test No.

Sandpack properties Permeability, D
Porosity, %
Initial oil saturation, %

AC flooding Slug size, PV
Na2CO3 concentration, ppm
Cosolvent concentration, %

Water post-flush Water post-flush size, PV
Salinity as NaCl, ppm
Flow rate, mL/min

Final oil recovery, %
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containing BPE-1000 as cosolvent, and the IFT was slightly higher
than in the case of the formulation containing BPE-1000. The re-
sults of the IFT measurements indicated that there was strong
synergy between the alkali and BPE-1000 in reducing the oilewater
IFT. BPE-1000 was therefore selected as the cosolvent for the phase
behavior experiments.
3.2. Results of phase behavior tests

Phase behavior tests (sodium carbonate scanning) were carried
out to determine the optimal alkali concentration for the formu-
lation and a suitable cosolvent concentration. Figs. 3e7 show the
phase behavior of 0.5e3 wt% BPE-1000 with oil as the sodium
carbonate concentration was varied at an oil/water volume ratio of
1:2. Acidic components of crude oil are partitioned between oil and
water, and dissociation of acids forms soap, which can react with an
alkali. Therefore, the amount of natural soap generated is mainly
related to the amount of heavy oil. Due to the high viscosity of
heavy oil, a small water/oil ratio will lead to a poor mixing results,
which will hinder the sufficient chemical reaction between the AC
formulation and crude oil, and cannot demonstration phase
behavior results adequately. Therefore, the phase behavior exper-
iments were carried out under an oil/water volume ratio of 1:2
(Ghosh and Johns, 2018; Khorsandi and Johns, 2018; Magzymov
et al., 2021). The function of the cosolvent is to improve the over-
all hydrophilicity of soap because the natural soap generated by an
alkali and acidic components of crude oil is usually hydrophobic. In
addition, the transfer of soap between the oil and water phases is
also associated with aqueous salinity. When the distribution of
soap is balanced, a Type III microemulsion may be generated. At
low salinity a Type I microemulsion formed by soap tends to
transfer into the water phase, while at high salinity a Type II
microemulsion formed by soap remains in the oil phase (Aitkulov
et al., 2017). Four sets of phase behavior tests with different con-
centrations of cosolvent were conducted, and all the results for
phase behavior are summarized in Fig. 3. With an increase in alkali
concentration, all the sets of phase behavior tests showed a trend in
the form of a transition of the microemulsion from Type I via Type
III to Type II. It can be observed that the optimal salinity range
became wider as the concentration of the cosolvent was increased.
A wide optimal salinity range on a positive salinity gradient was
considered favorable as the AC formulation slug was subsequently
diluted by water during flooding. In this case, a Type III micro-
emulsion could still exist. It can be seen from the results of inter-
facial tension data and phase state that the window of optimal
salinity becamewider with the increase of cosolvent concentration,
however, there were cases that although the oil‒water interfacial
tension could be reduced to the order of 10�3 mN/m, which was
considered as ultralow, no Type III microemulsion formed, for
#1 #2 #3 #4

1.1 1.1 1.2 1.5
27.1 35.5 32.7 33.6
92 90 92.5 91.3

0 0.3 0.6 1.0
0 20000 20000 20000
0 3 3 3

0.8 1.0 1.0 1.0
4000 4000 4000 4000
0.025 0.025 0.025 0.025

22.9 54.7 64.5 75.0



Fig. 2. Interfacial tension (IFT) between AC formulations with different concentrations of cosolvent ((a) 0.5 wt%, (b) 1 wt%, (c) 2 wt%, and (d) 3 wt%) and heavy oil.

Fig. 3. Phase type and salinity range in phase behavior tests performed with different
concentrations of cosolvent at 60 �C. Fig. 4. Phase behavior of formulation containing 0.5 wt% BPE-1000 with oil at various

alkali concentrations at 60 �C.
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example, when the cosolvent concentration was 0.5 wt% at the
salinity of 10000 ppm. Therefore, through the combination of
interfacial tension and phase behavior results to understand the
1612
properties and behavior of the formulation mixed with the crude
oil is an effective way to screen the formulation (Aitkulov and
Mohanty, 2019; Liu et al., 2022; Magzymov et al., 2021; Nadeeka



Fig. 5. Phase behavior of formulation containing 1 wt% BPE-1000 with oil at various
alkali concentrations at 60 �C.

Fig. 6. Phase behavior of formulation containing 2 wt% BPE-

Fig. 7. Phase behavior of formulation containing 3 wt% BPE-
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et al., 2018; Schumi et al., 2020; Zhao et al., 2020).
It took 7 days in the four sets of phase behavior tests for a Type

III microemulsion to form. To further observe the stability of the
phase behavior, after all the samples had been shaken once a day
during the first few days, photos were taken after the samples had
been left to stand for 30 days. Owing to the high content of
asphaltene in heavy oil, the phase behavior results were different
from those for kerosene and light oil, which usually formed a
translucent middle phase (Chen et al., 2018; Evren et al., 2016;
Hirasaki et al., 2011; Levitt et al., 2009). In the case of heavy oil,
phase behavior with a gray-black or dark translucent underlayer
tended to develop (Kumar et al., 2012; Kumar and Mohanty, 2010;
Sim et al., 2014; Zhang et al., 2012). Fig. 4 shows the phase behavior
with 0.5 wt% BPE-1000 as cosolvent with various alkali concen-
trations ranging from 0.2 wt% (on the left) to 1.4 wt% after 30 days.
The optimal salinity for this formulation was 4000 ppm total dis-
solved solids (TDS), and the salinity range for Type III micro-
emulsionwas narrow. At low salinity (<4000 ppm), there were two
phases: an excess oil phase and an aqueous phase containing soap,
the cosolvent, and solubilized oil, which was considered to be a
Type I microemulsion. As the salinity was increased, three phases
1000 with oil at various alkali concentrations at 60 �C.

1000 with oil at various alkali concentrations at 60 �C.



Fig. 8. Viscosities of Type I, Type II, and Type III microemulsions generated by
formulation with 3 wt% BPE-1000 and heavy oil.
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appeared: excess oil and water phases and a microemulsion. Part of
the heavy oil was solubilized into a Type III microemulsion, and the
underlayer was gray-black. The viscosity of Type III microemulsion
was lower than that of heavy oil, and the fluidity was favorable.
There will be opportunities for mobilization of heavy oil if a Type I
or Type III microemulsion is formed under reservoir conditions.
High salinity (>6000 ppm) led to a transition of the microemulsion
from Type III to Type II. The phase behavior at the other three
cosolvent concentrations exhibited the same trends, and the only
difference was the optimal salinity value. Fig. 5 shows the phase
behavior with 1 wt% BPE-1000 as cosolvent with various alkali
concentrations ranging from 0.2 wt% (on the left) to 1.2 wt%. The
optimal salinity for this formulation was 8000 ppm TDS, and the
salinity range for Type III microemulsion was slightly wider than
previously. A gray-black underlayer was observed in the salinity
range of 0.6e0.8 wt%. Fig. 6 shows the phase behavior with 2 wt%
BPE-1000 as cosolvent with various alkali concentrations ranging
from 0.2 wt% (on the left) to 2.2 wt%. The optimal salinity for this
formulation was 14000 ppm TDS, and the salinity range for Type III
microemulsion was markedly wider than in the previous two ex-
periments. A gray-black underlayer was observed in the salinity
range of 1.2e1.8 wt%. Fig. 7 shows the phase behavior with 3 wt%
BPE-1000 as cosolvent with various alkali concentrations ranging
from 1 wt% (on the left) to 4 wt%. The optimal salinity for this
formulationwas 20000 ppm TDS, and the salinity range for Type III
microemulsion was the widest in the four sets of phase behavior
experiments. A gray-black or dark translucent underlayer was
observed in the salinity range of 2e3.2 wt%. A wide salinity range
for a Type III microemulsion is considered favorable and can
improve the robustness of AC flooding during the displacement
stage in situations where the salinity and cosolvent concentration
change. Therefore, to ensure that the experimental data were more
robust and clearer, the formulation containing 3 wt% cosolvent was
further used for rheology measurements and displacement exper-
iments. Relevant experiments with a lower concentration of
cosolvent are under way. Although it took about 7 days to form
Type III microemulsion during the phase behavior tests, due to the
large specific surface inside the rock under reservoir conditions, the
formulation will have more chances to contact with crude oil,
which can result in speeding up the reaction rate between the
formulation and crude oil and shortening the formation time of
Type III microemulsion (Zhao et al., 2020, 2022).

3.3. Results of rheological characteristics of microemulsion

In order to understand whether a Type III microemulsion had
the ability to control the profile in the absence of polymer, the
viscosity of each phase of the microemulsion (the oil/water ratio
was 1:2) formed by the AC formulation and heavy oil was tested
using a rheometer. Fig. 8 shows the results for the viscosities of
Type I, III, and II microemulsions from the phase behavior experi-
ment performedwith 3wt% cosolvent and 20000 ppm alkali. Type I
and Type III microemulsions had similar viscosities of around
10 mPa s at 60 �C, which were higher than the viscosity of water. As
indicated in Section 1, the viscosity of the chemical slug is usually
around 10e30 mPa s for medium-heavy oil reservoirs. Hence, a
microemulsion slug with a viscosity of more than 10mPa smay also
have a certain mobility though the effect of mobility control may
not be as good as adding polymer to chemical slug directly.
Moreover, we did not rule out a viscous fingering phenomenon
between the water phase and the microemulsion phase during the
displacement process. However, the difference in viscosity between
the microemulsion and water was much smaller than that between
heavy oil and water. In addition, the sandpack was an approximate
model of one-dimensional displacement, and hence a viscous
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fingering phenomenon may still have occurred but was not so
drastic. The viscosities of Type II microemulsion and heavy oil were
approximately 900 and 1340 mPa s, respectively, at 60 �C. The re-
sults showed that Type III microemulsion generated by the AC so-
lution and heavy oil had a certain ability to control fluidity without
the addition of polymer. The cosolvent could improve the perfor-
mance of the microemulsion and both Type I and Type III micro-
emulsions were approximately Newtonian fluids at low shear rates.

3.4. Sandpack flooding tests study

AC flooding was tested in sandpacks and demonstrated prom-
ising results in the form of high oil recovery and a low pressure
drop in comparison with waterflooding. The sandpacks were
saturated with oil to an initial saturation of 90%e92.5%. In heavy oil
reservoirs, the formation of dominant channels after waterflooding
will have a negative effect on contact and reactions between the
chemical formulation and crude oil. Therefore, the AC formulation
was directly injected into the sandpack at a high oil saturation.
According to the results of phase behavior tests, the optimal salinity
(sodium carbonate concentration) of the formulation containing
3 wt% cosolvent was approximately 2 wt% sodium carbonate.
Therefore, the salinity of the formulations was maintained at 2 wt%
sodium carbonate in each of the following three sets of displace-
ment experiments using AC formulations. The same slug combi-
nation (an AC formulation slug followed by a water post-flush slug)
was used in all three sets of displacement experiments to compare
the performance of AC flooding and waterflooding for the recovery
of heavy oil.

3.4.1. Sandpack flooding test #1
In sandpack flooding test #1, waterflooding with a slug size of

0.8 PV was performed as a control procedure. The results for the
cumulative oil recovery, oil cut, and pressure drop are shown in
Fig. 9. The injection velocity was 0.025 mL/min, which corre-
sponded to a field rate of 0.3 m/day. Owing to the high oilewater
IFT and the huge difference in viscosity between the heavy oil
and water, only 22.9% of the OOIP was recovered, and water
breakthrough occurred at around 0.3 PV. The oil cut was reduced to
less than 10% after 0.3 PVwater was injected as a result of thewater
breakthrough. The oil cut and pressure drop began to decreasewith



Fig. 9. Cumulative oil recovery, oil cut, and pressure drop of waterflooding with a slug
size of 0.8 PV at 60 �C.
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the water breakthrough (at about 0.3 PV). No more oil was recov-
ered by waterflooding after water breakthrough, and thus the cu-
mulative recovery did not change greatly. The average pressure
gradient during the entire process was 870 kPa/m. In this case, if
the well spacing is 100e150 m, the pressure drop between the
injection well and the production well will reach about
87e130 MPa. Such a high injection pressure is impossible to ach-
ieve in the field. The pressure drop shown in Fig. 9 is the pressure
drop between the two ends of the sandpack.
3.4.2. Sandpack flooding test #2
In sandpack flooding test #2, a 0.3 PV AC formulation slug fol-

lowed by a 1 PV water post-flush slug was injected. The results for
the cumulative oil recovery, oil cut, and pressure drop are shown in
Fig. 10. The injection velocity in both AC flooding and the water
post-flush was 0.025 mL/min, which corresponded to a field rate of
0.3 m/day. The salinity of the AC formulation slug and water post-
flush slug was optimal and less than optimal, respectively. AC
flooding recovered 33% of the OOIP. With the AC formulation, water
Fig. 10. Cumulative oil recovery, oil cut, and pressure drop in sandpack flooding test #2
with 0.3 PV AC formulation followed by a 1 PV water post-flush at 60 �C.
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breakthrough occurred at around 0.6 PV. The water post-flush still
recovered 21.68% of the OOIP. This indicated that the AC formula-
tion slug still maintained good performance although it had been
diluted by subsequent waterflooding. The oil bank arrived at the
outlet at about 0.05 PV after the AC formulation slug was injected.
During the initial injection of the AC formulation slug, the oil cut in
the effluent reached around 70%, and it decreased gradually at the
end of the AC flooding. The oil cut in the waterflooding stage
continued to decrease to close to 1%. At the beginning of the in-
jection of the AC formulation slug, the pressure drop gradually
increased to a peak value, and then it began to decrease and tended
to become stable during the water post-flush stage. There was no
considerable change in pressure drop during the water post-flush
stage. The maximum pressure gradient was equal to 103 kPa/m.
The minimum pressure gradient occurred in the waterflooding
stage and was equal to 4.6 kPa/m. The pressure drop shown in
Fig. 10 is the pressure drop between the two ends of the sandpack.

3.4.3. Sandpack flooding test #3
In sandpack flooding test #3, a 0.6 PV AC formulation slug fol-

lowed by a 1 PV water post-flush slug was injected. The results for
the cumulative oil recovery, oil cut, and pressure drop are shown in
Fig. 11. The injection velocity in both AC flooding and the water
post-flush was 0.025 mL/min, which corresponded to a field rate of
0.3 m/day. The salinity of the AC formulation slug and water post-
flush slug was optimal and less than optimal, respectively. AC
flooding recovered 61.4% of the OOIP. With the AC formulation,
water breakthrough occurred at around 0.52 PV. The water post-
flush recovered 3.05% of the OOIP. This indicated that the 0.6 PV
AC formulation slug had recovered almost all the oil that could be
mobilized, and it would also have been diluted by subsequent
waterflooding. The oil bank arrived at the outlet at about 0.05 PV
after the AC formulation slug was injected. During the initial in-
jection of the AC formulation slug, the oil cut in the effluent reached
around 80%, and it decreased gradually at the end of the AC
flooding. The oil cut in the waterflooding stage continued to
decrease to close to 1%. At the beginning of the injection of the AC
formulation slug, the pressure drop gradually increased to a peak
value, and then it began to decrease and tended to become stable
during the water post-flush stage. There was no considerable
change in pressure drop in the water post-flush stage. The
maximum pressure gradient was equal to 71 kPa/m. The minimum
Fig. 11. Cumulative oil recovery, oil cut, and pressure drop in sandpack flooding test #3
with 0.6 PV AC formulation followed by a 1 PV water post-flush at 60 �C.
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pressure gradient occurred in the water post-flush stage and was
equal to 4.6 kPa/m. The pressure drop shown in Fig. 11 is the
pressure drop between the two ends of the sandpack.

3.4.4. Sandpack flooding test #4
In sandpack flooding test #4, the effect of a 1 PV AC formulation

slug followed by a 0.3 PV water post-flush slug was investigated.
The results for the cumulative oil recovery, oil cut, and pressure
drop are shown in Fig. 12. The injection velocity in both AC flooding
and thewater post-flushwas 0.025mL/min, which corresponded to
a field rate of 0.3 m/day. The salinity of the AC formulation slug and
water post-flush slug was optimal and less than optimal, respec-
tively. AC flooding recovered 74% of the OOIP. With the AC formu-
lation, water breakthrough occurred at around 0.5 PV. The water
post-flush recovered 1% of the OOIP, and hence during the water-
flooding stage only a further 1% of the OOIP could be recovered. At
the end of the injection of the AC formulation slug, the oil cut
decreased to close to 1%. This indicated that the large AC formu-
lation slug recovered almost all the oil that could be mobilized. The
oil cut in the subsequent water post-flush stage was low. A water
post-flush slug of only 0.3 PV was injected because continued
waterflooding had little effect on the cumulative recovery. The oil
bank arrived at the outlet at about 0.05 PV after the AC formulation
slug was injected. During the initial injection of the AC formulation
slug, the oil cut in the effluent reached around 75%, and it decreased
gradually at the end of the AC flooding. The oil cut in the water-
flooding stage continued to decrease to close to 1%. At the begin-
ning of the injection of the AC formulation slug, the pressure drop
gradually increased to a peak value, and then it began to decrease
and tended to become stable during the water post-flush stage.
There was no considerable change in pressure drop in the water
post-flush stage. The maximum pressure gradient was equal to
175 kPa/m. The minimum pressure gradient occurred in the
waterflooding stage and was equal to 4.6 kPa/m. The pressure drop
shown in Fig. 12 is the pressure drop between the two ends of the
sandpack. The results of sandpack flooding test #4 confirmed that
the application of a large chemical slug could result in higher oil
recovery. The influence of the water post-flush after a sufficient AC
formulation slug had been injected on cumulative recovery was
negligible because the oil cut was close to 1% in the later period of
injection of the AC formulation slug and the entire water post-flush
stage.
Fig. 12. Cumulative oil recovery, oil cut, and pressure drop in sandpack flooding test
#4 with 1 PV AC formulation followed by a 0.3 PV water post-flush at 60 �C.
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3.4.5. Discussion of displacement results
Displacement pressure drop and cumulative oil recovery are

critical parameters for cold production of heavy oil. A comparison of
the results for the cumulative oil recovery is shown in Fig. 13. The
cumulative oil recovery after waterflooding in sandpack flooding
test #1 was only 22.9%. In the other three sets of sandpack flooding
tests with AC formulations, the cumulative oil recovery was posi-
tively correlated with the size of the AC formulation slug that was
injected. Most of the oil was recovered during AC flooding, inwhich
the contribution of the AC formulation slug to the cumulative oil
recovery became increasingly smaller. The contribution of the
water post-flush to the cumulative oil recovery decreased with an
increase in the size of the AC formulation slug because AC flooding
had recovered almost all of the oil that could be mobilized by a
chemical formulation.

A comparison of the results for the pressure gradient is shown in
Fig. 14. Owing to the high oilewater IFT and the huge difference in
viscosity between the heavy oil and water, a huge pressure drop
occurred during waterflooding. The maximum and average pres-
sure gradients over the entire process were around 1.6 and 870 kPa/
m, respectively. As mentioned for sandpack flooding test #1, the
pressure drop between the injection well and the production well
will reach around 87e130 MPa with a well spacing of 100e150 m.
Such a high injection pressure is impossible to achieve in the field.

It can be observed that the pressure gradient gradually stabi-
lized after 0.3 PV during waterflooding in sandpack flooding test
#1. The average pressure gradient in the stable stage was still as
high as around 0.75 MPa/m. However, the maximum pressure
gradient ranged from around 71 to 175 kPa/m, whereas the average
pressure gradient ranged from 30 to 57 kPa/m during AC formu-
lation slug injected, which was only 1/29 to 1/15 of the value during
waterflooding. In this case, the pressure drop between the injection
well and the production well will reach about 3e5.7 MPa with a
well spacing of 100 m and 4.5e8.55 MPa with a well spacing of
150 m, which is favorable. The average pressure gradient succes-
sively decreased with an increase in the size of the AC formulation
slug, for which the reason was that the injection of a large amount
of AC formulation slug lengthened the period of low-pressure
displacement. The low average pressure gradient and acceptable
maximum pressure gradient over the entire process of AC flooding
demonstrated favorable ability for reducing the injection pressure
Fig. 13. Oil recovery values after AC flooding and the entire process in the four sets of
sandpack flooding tests.



Fig. 14. Maximum pressure gradient and average pressure gradient during water-
flooding and three sets of AC flooding.
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in cold production of heavy oil.
A comparison of the results for the water breakthrough time is

shown in Fig. 15. In sandpack flooding test #1, water breakthrough
occurred at around 0.3 PV after water was injected. The break-
through time in the three sets of AC flooding tests was markedly
later than in the case of waterflooding. As indicated in Section 3.3,
the viscosity of the microemulsion was higher than that of water,
which provided a certain ability to control the profile. The reaction
between the AC formulation and the heavy oil also took some time.
In addition, wettability alteration due to the generation of natural
soapmay also increase the sweep efficiency of water. Although pore
walls may be altered to become partially oil-wetted as a result of
the formation of a water-in-oil (W/O) emulsion, and the viscosity of
the W/O emulsion was much higher than that of the water phase
and even higher than that of the oil phase, which can cause an
increase in pressure drop, the smooth pressure drop curve for the
water post-flush stage indicated that noW/O emulsionwas formed,
Fig. 15. Water breakthrough time after fluid injection during waterflooding and three
sets of AC flooding.

1617
which implied that the pore walls were altered to become water-
wetted (Arhuoma et al., 2009; Dong et al., 2012). All of these fac-
tors resulted in a delay in water breakthrough in comparison with
waterflooding.

3.4.6. Mechanism of AC flooding
An ultralow IFT, the formation of a Type III microemulsion, and a

certain profile-controlling effect in the absence of polymer could be
achieved between the AC formulation and the heavy oil according
to the previous IFT tests, phase behavior tests, and rheology tests.
The mechanism of ACP is that the chemical solution first generates
an miscible zone between original oil and follow-up formulation
slug which has an ability of mobility ratio improvement to mobilize
oil and then dissolve and emulsify residual oil under ultralow
interfacial tension (IFT) conditions (Su et al., 2022). From these
properties and the results of the sandpack flooding tests, the
mechanism of AC flooding in heavy oil could be described as fol-
lows: an AC formulation with ultralow IFT can be miscible with
crude oil and the miscible zone will displace residual oil under
ultralow interfacial tension (IFT) conditions, a type III micro-
emulsion with a certain viscosity can not only solubilize crude oil
but also has a certain ability to control the profile as indicated in
Section 1 to mobilize oil and then the emulsion of the miscible zone
trailing edge and residual oil are peeled off from pore wall due to
wettability alteration.

3.5. Potential advantages of AC flooding

3.5.1. Advantages of AC flooding
In the process of heavy oil thermal production, heat loss and

formation thermal conductivity must be considered. Some reser-
voir conditions limit the use of thermal production including thin-
bedded reservoirs, bottom-water reservoirs, gas cap reservoirs and
low rock thermal conductivity. There are significant heat losses in
these reservoirs by thermal recovery. However, as one of the cold
production methods, AC flooding is a low energy cost method
because it does not require additional heat input and applicable to a
wider range of reservoir conditions (Karmaker andMaini, 2003; Lin
et al., 2014). In addition, heavy oil cold production eliminates the
large amount of greenhouse gas emissions accompanying thermal
production process (Lin et al., 2014; Luhning et al., 2003).

3.5.2. Economic efficiency
The AC technology uses cosolvent to replace synthetic surfactant

if ASP technology is particularly promising for heavy oil, which can
form amounts of soap. And surfactant is the most expensive
chemical in these processes. Thus, selecting an cosolvent that can
achieve the same or similar performance as synthetic surfactant
and has lower cost is crucial, which was confirmed by many re-
searchers (Fortenberry et al., 2015; Sharma et al., 2018). In addition,
Schumi et al. also demonstrated the highest incremental recovery
of ACP injection compared to alkali flooding, polymer flooding, and
alkali/polymer flooding (Schumi et al., 2020). Chemical formulation
selection based on these criteria provides a potential solution for
low cost and high efficiency cold production of heavy oil.

4. Conclusions

An AC formulation prepared without the use of a synthetic
surfactant exhibited excellent performance in a series of experi-
ments with heavy oil at 60 �C. The main conclusions are as follows:

(1) Ultralow IFT can be achieved between an AC formulation and
heavy oil without the use of synthetic surfactants.
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(2) A Type III microemulsion can be formed between an AC
formulation and heavy oil. Owing to the presence of
asphaltene in heavy oil, the Type III microemulsion for heavy
oil was different from that for light oil, and a gray-black or
dark translucent underlayer tended to develop.

(3) The viscosity of the Type III microemulsion was about
10 mPa s, which had an effect on mobility control to a certain
extent.

(4) The pressure gradients during AC flooding were reasonable,
and the water post-flush made a negligible contribution to
the cumulative oil recovery when a sufficient amount of the
AC formulation had been injected.

(5) Three sets of AC flooding tests showed excellent performance
for the recovery of heavy oil, as indicated by a high cumu-
lative oil recovery, reasonable pressure gradients, and the
potential for low costs in the absence of a synthetic surfac-
tant. The advent of such a novel effective method signifi-
cantly broadens the potential range of application of cold
production for heavy oil reservoirs.
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