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a b s t r a c t

Shale gas is an important component of unconventional oil and gas resources. Studying the imbibition
behavior is helpful to optimize flowback parameters and enhance gas recovery. Recent imbibition studies
have focused on shale matrix, and the pressure conditions discussed were mostly atmospheric. The
initial imbibition behavior begins from propped fractures to matrix, but there are few studies working on
explaining the imbibition behavior in propped fractures or the phenomenon of many shale wells exhibit
higher productivity after a “soaking” period. Therefore, propped fracture samples were designed for
imbibition and migration experiments. In order to accurately study the mechanism and main influencing
factors of fracturing fluid imbibition and migration in propped and unpropped shale fractures under high
temperature and high pressure, a series of experiments based on nuclear magnetic resonance (NMR)
were carried out. Results showed that NMR T2 spectra of all samples exhibited a bimodal distribution.
The final imbibition volume of fracturing fluid was positively related to pressure and fracture width. The
imbibition effect of fracturing fluid was more evident in matrix pores under high pressure. In the
migration during soaking stage, the fracturing fluid gradually migrated from large pores to small pores
and gradually displaced the shale gas from the matrix, thus allowing the water blocking in propped
fractures to self-unlock to some extent. Gas permeability decreased in the imbibition stage, while it
recovered in the migration stage to some extent.
© 2024 The Authors. Publishing services by Elsevier B.V. on behalf of KeAi Communications Co. Ltd. This
is an open access article under the CC BY-NC-ND license (http://creativecommons.org/licenses/by-nc-nd/

4.0/).
1. Introduction

Playing an important role in unconventional hydrocarbon re-
sources, shale gas has received wide attention and publicity from
the energy sector due to its huge geological reserves and consid-
erable development prospects (Zou et al., 2021). The marine shale
typically has a low porosity and ultra-low permeability, leading to
an extremely limited seepage capacity. Hence, fracturing has
become an important and effective means to improve its perme-
ability and production. Currently, the fracturing fluid used in the
field is mainly water-based. The flowback ratio of the fracturing
uo), zhangliehui@vip163.com
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fluid in reservoir optimization and subsequent development is
basically below 30% (Shen et al., 2017). As a result, a large amount of
fracturing fluid is detained in the reservoir and cannot flowback.
Imbibition caused by high capillary force in micropores is the main
mechanism of fracturing fluid retention and a key factor affecting
shale reservoir productivity.

Many researchers have studied the imbibition behavior of
porous media. Lucas (1918) first studied the spontaneous imbibi-
tion of a single capillary. Sherman and Holditch (1991) found that
reservoir physical properties are significantly affected by fluids
during fracturing, especially water phase trapping, resulting in
significant reservoir damage. Bennion et al. (1996) conducted a
detailed study of the mechanism of water phase trapping. Cluff and
Byrnes (2010) found that fluid trapped in the reservoir affects the
gas phase permeability of fractures by blocking the contact area
between the fracture network and the matrix. Many researchers
also completed the derivation using theoretical models of capillary
mmunications Co. Ltd. This is an open access article under the CC BY-NC-ND license
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force (Cai, 2021), such as Washburn's (LW) wet phase liquid self-
imbibition model (Washburn, 1921), and Handy's gas-water self-
imbibition model (Handy, 1960), and Terzaghi's model (Terzaghi,
1943). Corrections and extended studies were also conducted on
this basis.

In terms of experiments, the direct weighing method (Ghanbari
and Dehghanpour, 2015; Xia et al., 2021) and volume method were
adopted to investigate the imbibition behavior of reservoir rocks.
Gao et al. (2013) studied the hydration and water absorption effects
of different fluids on shale powder and core samples at room
temperature and pressure by volume method. Yang et al. (2017)
compared the effect of self-imbibing of distilled water on shale
and sandstone samples under normal temperature and pressure by
direct weighing method, and they established a model to describe
the relationship between ion diffusion and self-imbibition. How-
ever, most of the imbibition experiments were carried out based on
spontaneous imbibition under room temperature and relatively
low pressure. Only a few researchers studied the influence of
confining pressure. Roshan et al. (2015) concluded that water phase
imbibition of shale under confining pressure can still generate
induced fractures. Zhu and Li (2021) combined the gravimetric
method and nuclear magnetic resonance (NMR) technology to
study the imbibition characteristics of different fluids in shale un-
der low pressure. The studies of high confining pressure are rela-
tively less, and most shale imbibition experiments were conducted
on shale matrix samples, while only a few studies focused on the
imbibition of shale propped fractures.

Moreover, fast flowback procedure sometimes cannot be ach-
ieved. Long-time interactions between fracturing fluid and shales
may cause the redistribution of fracturing fluid in reservoirs and
thus affect production capacity (Bazin et al., 2010; Cheng, 2012). In
the field practice, quite a portion of shale wells exhibit higher
productivity after a “soaking” period (referring to a period of well
shut-in after hydraulic fracturing) (Bostrom et al., 2014; Wang and
Rahman, 2015; Dutta et al., 2014; Mianmo et al., 2015). However,
only a few research conclusions can be adopted to explain this
phenomenon (Zeng et al., 2022), and current studies mostly
focused on matrix samples but less on propped fracture samples.

Rock samples from Longmaxi Formation in Sichuan Basin were
collected to conduct in-situ imbibition experiments under high
pressure (30 and 60 MPa) and high temperature (110 �C). NMR T2
spectrum responses were obtained during the imbibition and
migration process. The distribution and migration of imbibed
fracturing fluid in fractured shale and the seepage capacity alter-
ation were also analyzed.

2. Methodology

2.1. Imbibition and migration in propped fractures

After hydraulic fracturing, the fractures filled with proppant
constitute the main flowing space of shale gas. Under the influence
of capillary force, osmotic pressure and other mechanisms, the
fracturing fluid is gradually imbibed to the shale reservoir and
continuously increases the volume of fluid in the reservoir. This
process is considered as the imbibition during fracturing.
Compared with the unpropped fracture, the propped fracture may
provide more space for fluid imbibition.

After fracturing, there is often a shut-in period. A large amount
of fracturing fluid retained in propped fractures would migrate
from fractures to the shale matrix. Different from the previous
imbibition stage, the total volume of fracturing fluid during this
stage is constant. Fracturing fluid is redistributed in different pores
in the reservoir after migration. This period is considered as
migration during soaking stage.
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Imbibition and migration experiments of fracturing fluid in
propped fractures (Chen et al., 2020) with different widths were
designed to explore the imbibition and migration behavior of
fracturing fluid in fractures and matrices under various formation
conditions. For propped fractures, the relationship between a
specified fracture width and corresponding proppant placement
concentration can be expressed as

Df ¼
c
r

(1)

Ms ¼dLc (2)

where Df is the propped fracture width, mm; c is the proppant
placement concentration, g/mm2; and r is the proppant volume
density which is set as 0.0025 according to the field data, g/mm3;
Ms is the weight of proppant, g; d and L represent the diameter and
length of the core plug sample, respectively, mm.
2.2. Theory of low-field NMR

NMR technology allows us to investigate the pore size distri-
bution of rock samples. Pore size, surface properties and fluid
properties are the main factors affecting the relaxation time in the
NMR process (Saidian and Prasad, 2015). There are three relaxation
mechanisms in the NMR process which are bulk relaxation, surface
relaxation, and diffusion relaxation (Coates et al., 1999). If the fast
diffusion condition is satisfied, the total relaxation rate of porous
media is equal to the sum of individual relaxation rates.

The transverse relaxation time (T2) can be expressed as�
1
T2

�
total

¼
�
1
T2

�
B
þ
�
1
T2

�
S
þ
�
1
T2

�
D

(3)

where (1/T2)B, (1/T2)S, and (1/T2)D indicate the bulk, surface, and
diffusion relaxation times, respectively, ms. (1/T2)B reflects the
relaxation properties of the fluid itself. (1/T2)S reflects the influence
of rock particle surface on relaxation process. (1/T2)D reflects some
fluids will exhibit obvious diffusion relaxation properties in CPMG
pulse train with long echo intervals.

The surface relaxation time of rock samples, (1/T2)S, can be
expressed as�
1
T2

�
S
¼ r2

�
S
V

�
pore

(4)

where r2 is the surface relaxivity, mm/ms; (S/V)pore is the ratio of
surface to volume of the pores filled with the 1H containing fluid;
(S/V)pore is a function of pore radius, which can be expressed as�
S
V

�
pore

¼ FS
r

(5)

where FS is the shape factor, dimensionless; r is pore radius, mm.
The diffusion relaxation time of rock samples, (1/T2)D, can be

expressed as

�
1
T2

�
D
¼DðgGTEÞ2

12
(6)

where D is the molecular diffusion coefficient; g is the gyromag-
netic ratio of the 1H proton; G is the field-strength gradient; and TE
is the inter-echo spacing used in the Carr-Purcell-Meiboom-Gill
(CPMG) pulse sequences.

Given that TE is extremely small in a homogeneous internal field
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gradient, the value of (1/T2)D is always negligible (Liu, 2017). Be-
sides, T2B is larger than T2S for liquid in porous media, so that the
value of (1/T2)B can be ignored. The relaxation time (T2) in Eq. (2)
can be simplified as

T2z
1

r2FS
,r ¼ C,r (7)

Eq. (7) indicates that the distribution of T2 can be converted into
the pore size distribution of the porous rock sample.
Fig. 1. Propped fracture samples after being dried in a drying oven. Designed fracture
widths are 0, 0.8, 1, 2, and 4 mm from left to right.
3. Materials and experiments

3.1. Shale sample preparation

Shale core samples collected from the Lower Silurian Longmaxi
Formation in southern Sichuan Basin in China were prepared for
subsampling for fracturing fluid imbibition and migration experi-
ments. X-ray diffraction analysis and rock pyrolysis analysis were
performed to obtain the mineral composition and total organic
carbon (TOC) of the samples. Corresponding results were averaged
and shown in Table 1.

The formula of the low-viscosity slickwater fracturing fluid used
in this experiment is 0.2% drag reducer, 0.1% discharge aid and
0.05% fungicide. The ratio of emulsion to distilled water is 1:1000.
The fracturing fluid density is 1.03 g/cm3.

To investigate the imbibition andmigration behavior in propped
fractures, the shale plug samples were then prepared as follows
(Fig. 1).

(1) An artificial fracture was created by Brazilian splitting.
(2) Quartz sand-ceramsite mixed proppant was prepared ac-

cording to actual field data. The particle size of ceramsite was
40/70 mesh with 55% mass fraction, and the particle size of
quartz sand was 70/140 mesh with 45% mass fraction.

(3) The proppant was uniformly placed on the fracture surface,
and the top and bottom of the core were then sealed with
200 mesh non-magnetic gauze. The core was wrapped in
heat-shrinkable tubes to ensure that the proppant will not
leak.

(4) The widths of the propped fractures considered in the
experiment were 0, 0.8, 1, 2, and 4 mm. For each fracture
width, two series of samples were prepared.

(5) All samples were dried at 85 �C for at least 48 h to ensure that
moisture was removed prior to the imbibition test.

The basic properties of the shale samples are shown in Table 2.
Two groups of experiments were designed and conducted in this
work. Group-I is designed to explore the imbibition and migration
behavior of the propped fractures, and Group-II is designed to
explore the seepage capacity alteration after imbibition. Initial gas
porosity and permeability of all the samples were measured by the
SCMS-H2 automatic core measurement system. The confining
pressure is 5 MPa, and the pore pressure is 2 MPa when measuring
the gas permeability of the prepared samples. It should be noted
that the fracture widths shown in Table 2 are the designed widths.
The actual widths measured after sample preparation and
Table 1
Average mineral composition and TOC of shale samples.

Sample Mineral component, wt% TOC, wt%

Quartz Feldspar Calcite Dolomite Pyrite Clays

Shale sample 42.6 10.3 7.3 9.2 1.2 29.4 3.77
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corresponding error are shown in Table 3. It is shown that the errors
of the fracturewidth for all samples are less than 5%, indicating that
the core sample preparation is acceptable. In order to facilitate
understanding and analysis, the designed fracture width will be
used in the subsequent analysis.

3.2. Wettability evaluation

Rock wettability is a very important property that affects the
fluid distribution in rock pores, as well as the imbibition behavior of
fracturing fluid in shales. Therefore, the contact angle of fracturing
fluid on core surface is measured in this study. After the core was
dried for 48 h, four representative shale matrix samples were
selected, and the contact angle between the fracturing fluid and the
core surface in the air was measured by a wetting angle measuring
meter SDC-350 (a high-power microscope) at 28 �C and 101.3 kPa.

3.3. Experimental set-up for imbibition measurements

The experimental set-up for imbibition measurements consists
of an automatic core measuring system, a high-pressure core
holder, two pressure meters, three high-pressure syringe pump
systems (confining pressure pump, displacement pump, and
backpressure pump), a drying oven, a NMR instrument, and a data
collection system (Fig. 2). The process of imbibition experiment was
monitored by NMR spectrometer with a frequency of 2e30 MHz,
0.3 T magnetic intensity and 70 mm diameter magnetic coil. T2
spectrum was measured using the CPMG pulse sequences gener-
ated from the inverse Laplace non-negative least square fitting of
echo train data (Liu et al., 2020).

3.4. Procedure for imbibition and migration

The schematic of imbibition andmigration experiment is shown
in Fig. 3. The T2 spectrum measurement reveal the imbibition vol-
ume and distribution of fracturing fluid in shale samples. The
reservoir temperature of the deep marine shale gas reservoirs is
about 110 �C, and the initial reservoir pressure is about 70e80 MPa.
Considering the actual reservoir condition, the limitations of the
experimental equipment and experiment safety, 30 MPa (or
60 MPa) and 110 �C were chosen as the experimental conditions.

Experimental procedures for experiment Group-I are as follows.

(1) Measure and record the weight, initial porosity and perme-
ability of each sample after drying, and conduct NMR mea-
surement to get the basic T2 spectrum of the dry sample.

(2) Put the experimental core sample into the intermediate
container. The intermediate container was filled with the
fracturing fluid, and the pressure and the temperature of the



Table 2
Basic properties of shale samples.

Core ID Weight, g Length, mm Diameter, mm Porosity, % Permeability, mD Designed width, mm Proppant concentration, g/mm2

I-30-0 61.90 50.24 25.78 2.48 70 0 0
I-30-1 62.56 50.36 25.27 6.27 344 0.8 0.002
I-30-2 67.60 50.29 25.16 6.75 394 1 0.0025
I-30-3 59.42 51.30 25.34 10.33 784 2 0.005
I-30-4 58.44 51.36 25.14 12.14 1540 4 0.01
I-60-0 65.69 50.30 25.48 3.11 77 0 0
I-60-1 63.88 50.45 25.22 5.99 540 0.8 0.002
I-60-2 54.18 50.38 25.31 7.17 600 1 0.0025
I-60-3 60.56 51.08 25.58 9.77 925 2 0.005
I-60-4 58.72 52.12 25.36 13.56 1659 4 0.01
II-30-1 60.37 50.63 26.77 4.67 68 0 0
II-30-2 63.37 51.13 25.88 8.27 293 1 0.0025
II-30-3 61.08 51.40 25.43 10.52 745 2 0.005
II-30-4 59.10 48.61 25.95 14.27 916 4 0.01
II-60-1 61.44 52.18 26.31 5.17 88 0 0
II-60-2 62.88 51.38 26.11 7.98 375 1 0.0025
II-60-3 60.17 52.88 25.48 11.66 886 2 0.005
II-60-4 58.79 49.88 25.16 16.88 1027 4 0.01

Table 3
Fracture width error of shale samples.

Core ID Designed width, mm Actual width, mm Error, %

I-30-0 0 0 0
I-30-1 0.8 0.77 3.75
I-30-2 1 1.05 5.00
I-30-3 2 1.92 4.00
I-30-4 4 3.85 3.75
I-60-0 0 0 0
I-60-1 0.8 0.83 3.75
I-60-2 1 1.02 2.00
I-60-3 2 2.08 4.00
I-60-4 4 3.95 1.25
II-30-1 0 0 0
II-30-2 1 0.98 2.00
II-30-3 2 1.94 3.00
II-30-4 4 3.81 4.75
II-60-1 0 0 0
II-60-2 1 1.03 2.00
II-60-3 2 2.09 4.50
II-60-4 4 3.87 3.25
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intermediate container were set as 30 MPa (or 60 MPa) and
110 �C to simulate in-situ forced imbibition. Both ends of the
core samples can fully contact with the fracturing fluid.

(3) At the 24th hour (1 day),120th hour (5 days), and 168th hour
(7 days) of the imbibition process, the core sample was taken
from the intermediate container and then put into the non-
magnetic core holder. Then slowly cycle up the pressure
(by fluorocarbon oil) of the core holder to 30MPa (or 60MPa)
under the temperature of 110 �C, and conduct NMR T2
spectrum measurements. The parameters were set as fol-
lows: the waiting time set as 5000 ms, echo spacing set as
0.15 ms, number of echoes set as 4096, and the number of
scans set as 64.

(4) After the 168-h forced imbibition experiment, the experi-
mental core sample was then put into the drying oven at
60 �C for 20 min. The purpose of this procedure is to obtain a
certain water saturation of the sample to simulate the water
saturation around hydraulic fractures in the “soak” period
after fracturing.

(5) According to field practice, the total water content in the
shale reservoirs is constant during the “soak” period. To
simulate this condition, the experimental sample was tightly
wrapped to prevent moisture loss before the following
migration experiment. Then put the wrapped sample into
413
the core holder again, and gradually increase the inlet and
outlet pressures of the core holder to 30 and 60 MPa by
helium. The temperature of the experimental system was
also set as 110 �C.

(6) During the migration process, conduct the NMR T2 spectrum
measurements at the 48th hour (2 days), 96th hour (4 days),
and 144th hour (6 days).

Experimental procedures for experiment Group-II are as
follows:

Steps (1)e(4) are the same as Group-I.

(5) The experimental sample was tightly wrapped and put into
the core holder again, and measure the gas permeability of
the sample with a certain water saturation. Then gradually
increase the inlet and outlet pressures of the core holder to
30 and 60 MPa, and the temperature of the experimental
system for migration tests was also set as 110 �C.

(6) During the migration process, measure the gas permeability
of the core sample at the 48th hour (2 days), 96th hour (4
days), and 144th hour (6 days).
3.5. High-pressure mercury intrusion (HPMI) test

HPMI experiment was carried out on shale sample that taken
from the same shale block, the samplewas cut into small pieces and
dried at 85 �C for 12 h before testing. The instrument can theo-
retically measure the pore size distribution from 3.6 nm to
1000 mm at the pressure of 60000 psia.

4. Results and discussion

In this study, the NMR T2 spectra during imbibition and migra-
tion processes were analyzed to investigate the mechanisms of
fracturing fluid imbibition, migration and redistribution in shales.
Under constant temperature, pressure and fracture width were
found to be the main factors affecting the imbibition dynamic and
redistribution of fracturing fluid.

4.1. Contact angle

The contact angels for the analyzed shale samples are illustrated
in Fig. 4. It can be observed that the contract angles of the samples



Fig. 2. Experimental set-up for high-pressure imbibition measurements. (a) SCMS-H2 automatic core measurement system used for porosity and permeability measurements; (b)
Drying oven used for moisture removal and to provide a high-temperature experimental environment as designed; (c) High-pressure core holder; (d) High-pressure intermediate
container; (e) MacroMR12-150HeI low-field NMR analysis and the imaging system used for the nondestructive measurement of hydrogen fluid distribution in core samples.
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are between 73� and 83�, indicating that the experimental samples
are water-wet.
4.2. Division of imbibition stages

The change of imbibition quantity for different core samples is
shown in Fig. 5 and Table 4. The experimental results show that the
414
imbibition process of shale samples with propped fracture can be
divided into three stages: rapid imbibition in the early stage,
transitional imbibition in the middle stage, and stable imbibition in
the late stage.

The initial rapid imbibition stage can be observed on the 1st day
(0e22 h), during which the imbibition volume of each sample
increased rapidly and reached 86.24% on average of the final



Fig. 3. Schematic of NMR-monitored imbibition and migration experiments.

Fig. 4. Contract angle of shale samples.
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imbibition volume at the 22nd hour. The duration of the initial
rapid imbibition stage is basically the same under high-pressure
imbibition and spontaneous imbibition (Zhu and Li, 2021). The
2nd day (22e48 h) can be considered as the middle transitional
imbibition stage. The growth rate of imbibition quantity slowed
down significantly. At the end of this stage, the imbibition volume
reached about 96.19% on average of the final imbibition volume,
which is 9.95% higher than that of the previous stage. Compared
with spontaneous imbibition, the duration of the middle transi-
tional imbibition stage of forced imbibition is relatively short. The
415
imbibition process after 48 h can be considered as the late stable
imbibition stage. This stage had the longest time span, and the
imbibition quantity was basically stable (Fig. 5).

Table 4 shows the imbibition quantity for different core samples
during different imbibition stages. It can be seen that for samples
with the same fracture width, the total imbibition quantity of the
fracturing fluid increasedwith imbibition pressure. For the propped
fractures, as the pressure increased from 30 to 60 MPa, the increase
ratio of the final imbibition quantity for samples with same fracture
width was 15.06%e32.59%. The imbibition rate was then calculated



Fig. 5. Relationship between imbibition quantity and imbibition time.
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Table 4
Cumulative imbibition quantity in each stage.

Core ID Imbibition pressure, MPa Fracture width, mm Imbibition quantity, g

Stage I Stage II Stage III

I-30-0 30 0 0.167 0.182 0.190
I-60-0 60 0 0.413 0.499 0.525
I-30-1 30 0.77 0.740 0.827 0.893
I-60-1 60 0.83 1.061 1.133 1.184
I-30-2 30 1.05 1.010 1.101 1.147
I-60-2 60 1.02 1.157 1.314 1.370
I-30-3 30 1.92 1.608 1.777 1.806
I-60-3 60 2.08 1.857 1.986 2.078
I-30-4 30 3.85 2.192 2.417 2.628
I-60-4 60 3.95 2.597 3.023 3.198
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according to imbibition quantity in different times (Fig. 6(a)). For
the same fracture width, the imbibition rate at 60 MPa was
generally higher than that at 30 MPa.

It can be concluded that pressure showed a significant effect on
imbibition quantity and imbibition rate. Under high pressure, the
Fig. 6. Imbibition rate of shale core samples. (a) Imbibitio

Fig. 7. Correlation between normalized imbibition volume and dim

417
fracturing fluid can more easily invade the micro-pores and throats
in shale samples around the hydraulic fractures. Therefore, it may
cause a considerable error if one uses the imbibition behavior ob-
tained from low-pressure imbibition or spontaneous imbibition
experiments to describe the in-situ imbibition effect in deep shale
n rate at different stages; (b) Initial imbibition rate.

ensionless time at different pressures. (a) 30 MPa; (b) 60 MPa.



Fig. 8. T2 spectra of samples with different fracture widths during imbibition stage under 30 MPa. (a) Sample with unpropped fracture. Sample with propped fracture width of
0.8 mm (b), 1.0 mm (c), 2.0 mm (d), and 4.0 mm (e).
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Fig. 9. T2 spectra of samples with different fracture widths during imbibition stage under 60 MPa. (a) Sample with unpropped fracture. Sample with propped fracture width of
0.8 mm (b), 1.0 mm (c), 2.0 mm (d), and 4.0 mm (e).
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Fig. 10. Surface relaxivity determined by NMR and HPMI measurements.

Fig. 11. Error analysis for optimal surface relaxivity.
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gas reservoirs.
In addition, the fracture width also has obvious influence on

imbibition rate. As shown in Fig. 6(a) and (b), the imbibition rate is
positively correlated with the fracture width, especially the initial
imbibition rate in Stage I (Fig. 6(b)).

In order to compare experimental results conducted by different
researchers and to relate laboratory experiments to reservoir
behavior, many scholars have studied the dimensionless treatment
method to normalize the imbibition recovery rate and time. Mason
et al. (2010) introduced a new viscosity scale factor, and proposed a
new dimensionless time incorporating the effects of interfacial
tension, fluid viscosity, rock porosity and permeability, core ge-
ometry, and boundary condition. The dimensionless time is as
follows:

tD ¼ t

ffiffiffi
k
f

s
,

2s

mw

�
1þ

ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
mg

.
mw

r �, 1L2C (8)

where tD is the dimensionless time; t is the imbibition time, s; k is
420
the gas permeability, mD; s is the interfacial tension between gas
and water, mN/m; f is the core porosity, %; mw is the fracturing fluid
viscosity measured at 110 �C, which is taken as 0.662 mPa s under
30MPa, and 0.67mPa s under 60MPa; mg is the nitrogen viscosity at
110 �C, which is take as 0.0273 mPa s under 30 MPa, and
0.0349 mPa s under 60 MPa; LC is the feature length, cm. The
characteristic length LC is related to the core size and boundary
conditions, which can be calculated as follows:

LC ¼
ffiffiffiffiffiffiffiffiffiffiffiffi
VbPn

i¼1

Ai
SAi

vuuut (9)

where Vb is the core volume, cm3; Ai is imbibition area in the di-
rection of i, cm2; SAi

is the distance from core center to imbibition
surface Ai, cm.

Based on the above-mentioned Mason model, the relationships
between the normalized imbibition volume and the dimensionless
time for samples with different fracture widths are obtained as
follows (Fig. 7). The normalized imbibition volume in Fig. 7 is
calculated based on the final imbibition volume of each core sam-
ple. It can be seen after the normalization, rock samples with
different physical properties (i.e., porosity, permeability, and frac-
ture width, propped or unpropped fracture) exhibit similar imbi-
bition dynamics. The imbibition quantity positively correlates with
fracture width and pore pressure.
4.3. NMR T2 spectra during imbibition stage

The distribution of the T2 spectrum can reflect the distribution
of imbibed fracturing fluid in pores of different scales in shale. Fig. 8
shows the T2 spectra of the shale samples with unpropped fracture
and propped fracture. The NMR T2 spectra of all samples exhibit
bimodal distributions with two distinct peaks. The left peak was
dominant and located at around 0.01e18 ms, mainly reflecting
micropores in the shale matrix. The right peak was lower than the
left peak and was located at around 18e666 ms, reflecting medium
to large pores in and around fractures.

Different from sandstone, a dry shale sample may generate a
basic NMR signal. Hence, the T2 spectra of dry samples were tested
as a benchmark before imbibition. Figs. 8 and 9 show the T2 spectra
of shale samples with fracture widths of 0.8e2 mm under different
imbibition pressures. It can be seen that the initial NMR signals of
dry samples are unimodal and relatively diminutive. The imbibition
effect was most evident on the 1st day of forced imbibition. Due to
the higher capillary pressure in small pores, the imbibition volume
of small pores was relatively higher. From the 1st day to the 5th day,
the imbibition rate of the fracturing fluid slowed down signifi-
cantly, but the increase in NMR signal of large pores in samples can
still be observed during this period. The imbibition rate continued
to decrease from the 5th day up to the 7th day, and the T2 spectrum
was stable at the end of the 7th day.

The influence of pressure on the final imbibition volume of large
pores was not evident, but the imbibition volume of small pores in
the shale samples was significantly affected by pressure. For the
shale samples with identical fracture width, the NMR signal
measured at the same imbibition time under 60 MPa was larger
than that under 30 MPa. In addition, an obvious increase can be
observed in the left peak of the T2 spectra from the 5th day to the
7th day under 60 MPa, indicating that the imbibition effect in the
small pores in the shale matrix is highly evident under high
pressure.

For shale samples with propped fractures, proppant particles in
the fracture form porous media-like pore space under



Fig. 12. Pore size distribution of shale samples with different fracture widths under 30 MPa. (a) Sample with unpropped fracture. Sample with propped fracture width of 0.8 mm (b),
1.0 mm (c), 2.0 mm (d), and 4.0 mm (e).
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Fig. 13. Pore size distribution of shale samples with different fracture widths under 60 MPa. (a) Sample with unpropped fracture. Sample with propped fracture width of 0.8 mm (b),
1.0 mm (c), 2.0 mm (d), and 4.0 mm (e).
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Table 5
Pore radius range and cumulative proportion of peaks in T2 spectra for different shale samples.

Core ID Fracture width, mm The 1st day The 7th day

Peak Radius, mm Cumulative proportion, % Peak Radius, mm Cumulative proportion, %

I-30-0 0 Left 0.0001e0.062 99.06 Left 0.0001e0.062 93.44
Right 0.062e4000 0.94 Right 0.062e4000 6.56

I-30-1 0.8 Left 0.0001e0.073 86.77 Left 0.0001e0.073 82.73
Right 0.073e1600 13.23 Right 0.073e1600 17.27

I-30-2 1 Left 0.0001e0.066 69.55 Left 0.0001e0.066 62.63
Right 0.066e1445 30.45 Right 0.066e1445 37.37

I-30-3 2 Left 0.0001e0.055 63.08 Left 0.0001e0.055 55.14
Right 0.055e1201 36.92 Right 0.055e1201 44.86

I-30-4 4 Left 0.0001e0.055 49.53 Left 0.0001e0.055 41.71
Right 0.055e4000 50.47 Right 0.055e4000 58.29

I-60-0 0 Left 0.0001e0.062 91.52 Left 0.0001e0.062 89.26
Right 0.062e2762 8.48 Right 0.062e2762 10.74

I-60-1 0.8 Left 0.0001e0.066 80.89 Left 0.0001e0.066 82.08
Right 0.066e3646 19.11 Right 0.066e3646 17.92

I-60-2 1 Left 0.0001e0.072 67.53 Left 0.0001e0.072 63.64
Right 0.072e1585 32.47 Right 0.072e1585 36.36

I-60-3 2 Left 0.0001e0.079 62.64 Left 0.0001e0.079 66.97
Right 0.079e1739 37.36 Right 0.079e1739 33.03

I-60-4 4 Left 0.0001e0.072 51.17 Left 0.0001e0.072 44.45
Right 0.072e4000 48.83 Right 0.072e4000 55.55
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overpressure, which is the main flowing path of shale gas. Ac-
cording to the T2 spectra of shale samples with different fracture
widths under the same pressure, although no specific correlation
could be found between imbibition volume and propped fracture
width, the total imbibition volume of fracturing fluid generally
increased with increasing fracture width.
4.4. Distribution of imbibed fracturing fluid in different scaled pores

In our previous study, we discussed the alteration of NMR T2
spectra of core samples measured during 7-day high-pressure
imbibition. When surface relaxivity r2 in Eq. (4) is determined,
the T2 distribution of different samples can be further converted to
pore size distribution (PSD) to quantitatively investigate the dis-
tribution of fracturing fluid in different scaled pores under high-
pressure imbibition. The relaxivity is usually determined by
comparing the NMR T2 spectra against HPMI data for the same
sample.

The HPMI test was conducted at 22.04 �C, the maximum mer-
cury injection pressure is 200.26 MPa, and the minimum mercury
injection pressure is 0.0137 MPa. The results of the HPMI test are as
follows: the maximum mercury injection saturation is 57.43%, the
maximum pore radius is 53.67 mm, the mean pore radius is
16.33 mm, the median saturation pressure is 147.11 MPa, and the
uniformity coefficient is 0.306.

Fig. 10 shows the PSD obtained by the HPMI test for a shale
sample. It also shows the PSD calculated based on the NMR T2
spectra with different surface relaxation coefficients for the same
sample.

The optimal surface relaxivity is determined when the error
between data from NMR and HPMI measurements is minimum.
The error function is given as follows (Coates et al., 1999):

d¼

ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiPn
i¼2

uðxiÞ½xi �wxi �2
s

ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiPn
i¼2

uðxiÞ
s (10)

where wxi is the pore size from NMR with assumed surface relax-
ivities, mm; xi is the pore size from the HPMI test, mm; u(xi) is the
423
cumulative percentage; and n is the number of HPMI data points.
Fig. 11 presents the error corresponding to different surface relax-
ivities, and it can be observed that the error is minimumwhen the
surface relaxivity is equal to 0.004 (r2 ¼ 0.004 mm/ms).

It should be noted that in Fig. 10 the mismatch after 268 nmwas
caused by different core preparationmethods. The core samples for
NMR measurements were propped fracture samples, and HPMI
measurement needs small piece of shale. So, data based on MRI
measurement cannot exactly match those based on HPMI mea-
surement. For the mismatch below 7 nm, it was mainly caused by
the limit of the high-pressure mercury injection method which
may result in measurement error for micropore distribution.

Once the surface relaxivity was determined, the NMR T2 spectra
of testing core samples can be converted into the PSD. Accordingly,
the alterations of imbibed fluid in small pores, large pores and
micro-fractures at different imbibition time can be analyzed
quantitatively. The pore size distribution occupied by fracturing
fluid is shown in Figs. 12 and 13 and Table 5.

For all the fracture samples, the matrix pore and small pore
radius ranged from 0.0001 to 0.062 mm, and the large-pore radius
ranging 0.062e4000 mm. For the samples with unpropped frac-
tures, micropores predominated the porosity. Matrix porosity
accounted for 91.52%e99.06% of total porosity before imbibition
and 89.26%e93.44% after imbibition. As the imbibition time
increased, obvious fracturing fluid invasion can be observed in
different scaled pores in the shale samples, especially in
micropores.
4.5. NMR T2 spectra during migration stage

A large amount of fracturing fluid will still be remained in
propped fractures, unpropped fractures and micro-fractures close
to the wellbore after fracturing. During the shut-in period after
hydraulic fracturing, the remaining fracturing fluidwould gradually
migrate into matrix pores driven by capillary force and osmotic
pressure, causing the shale gas in micropores in the matrix
constantly displaced into larger pores or fractures. The gas phase
then gradually accumulates and effectively increases the early
productivity of the shale gas wells. The redistribution of fracturing
fluid in different scaled pores is the so-called migration stage.

Figs. 14 and 15 show the T2 spectra of shale samples with



Fig. 14. T2 spectra of shale samples with different fracture widths during migration stage under 30 MPa. (a) Sample with unpropped fracture. Sample with propped fracture width of
0.8 mm (b), 1.0 mm (c), 2.0 mm (d), and 4.0 mm (e).
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different fracture widths during the migration stage. It can be seen
that as the time increased, the left peak of T2 spectra of all samples
increased and the corresponding right peak decreased, reflecting
fracturing fluid migrated from large pores into adjacent
424
micropores. As a result, the gas was displaced into themain flowing
channels again, and the water blocking in large pores and fractures
was relieved to some extent, which may explain the higher pro-
ductivity of some shale gas wells after soaking period.



Fig. 15. T2 spectra of shale samples with different fracture widths during migration stage under 60 MPa. (a) Sample with unpropped fracture. Sample with propped fracture width of
0.8 mm (b), 1.0 mm (c), 2.0 mm (d), and 4.0 mm (e).
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Figs. 16 and 17 present the change of T2 spectra of shale samples
at different migration times. It can be seen that the migration rate
gradually decreased with increasing time. In the first two days, the
changes in NMR signals of micropores and large pores were
425
obvious. After that, the amplitude of the right peak and the left
peak of T2 spectra still varied but at a much slower rate. In addition,
during the whole migration period, fracturing fluid migration was
evident in the samples with large fracture width because these



Fig. 16. Changes of T2 spectra of shale samples with different fracture widths during migration stage under 30 MPa. (a) Sample with unpropped fracture. Sample with propped
fracture width of 0.8 mm (b), 1.0 mm (c), 2.0 mm (d), and 4.0 mm (e).
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samples had more space for storing fracturing fluid. For samples
with identical fracture width, the volume of the fracturing fluid
migrated intomicropores at the samemigration timewas relatively
higher under higher pressure (60 MPa).
426
4.6. Seepage capacity alteration during migration stage

In this section, the influence of migration (i.e., soaking period)
on sample permeability was analyzed. The permeability alterations



Fig. 17. Changes of T2 spectra of shale samples with different fracture widths during migration stage under 60 MPa. (a) Sample with unpropped fracture. Sample with propped
fracture width of 0.8 mm (b), 1.0 mm (c), 2.0 mm (d), and 4.0 mm (e).
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for different core samples during migration stage are shown in
Fig. 18 and Table 6. It can be observed that compared to the initial
gas permeability, the effective gas permeability of rock samples
decreased significantly in imbibition stage due to the retention of
427
fracturing fluid. The effective gas permeabilities of all rock samples
at the beginning of the migration stage were smaller than 20 mD.
The damage ratio of all the core samples ranged between 76.22%
and 98.82%, and it increased with increasing fracture width. In



Fig. 18. Permeability alteration during migration stage.

Table 6
Permeability alteration of different samples.

Core ID Actual width, mm Permeability, mD Damage ratio Dk, % Recovery ratio Rk, %

Initial Ki At the beginning of migration Kg0 2nd day,
Kg2

4th day
Kg4

6th day
Kg6

II-30-1 0 68 16.17 37.18 40.40 58.80 76.22 86.48
II-60-1 0 87 16.11 53.53 65.39 73.23 81.69 83.21
II-30-2 0.98 293 14.27 45.70 81.04 106.91 95.13 36.49
II-60-2 1.03 375 15.56 54.55 103.19 142.63 95.85 38.03
II-30-3 1.94 745 15.33 22.56 144.13 191.76 97.94 25.74
II-60-3 2.09 886 18.17 25.76 182.57 237.96 97.95 26.86
II-30-4 3.81 916 10.77 59.89 196.04 240.98 98.82 26.31
II-60-4 3.87 1027 15.77 88.85 233.73 290.10 98.46 28.25

Note: 1) The damage ratio is the gas phase permeability loss caused by the imbibition of fracturing fluid, Dk ¼ ðKi � Kg0Þ=Ki � 100%; 2) The recovery ratio is the degree of the
gas phase permeability recovery after six days of migration, Rk ¼ ðKg6 � Kg0Þ=Kg0 � 100%.
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addition, high pressurewould causemore fracturing fluid to imbibe
into the matrix, resulting in a decrease in mechanical properties of
the fracture surface. Thus, the proppants would be embedded in the
fracture surface, which may lead to permeability damage.

During themigration stage, the effective gas permeabilities of all
rock samples increase to some extent (25.74%e86.48%). This is
because the fracturing fluid would migrate from larger pores into
adjacent micropores during soaking, leaving more main flowing
channels for gas. It can also be concluded that for samples with
propped fractures, the permeability recovery ratio decreases as the
fracture width increases, while the experimental pressure has
relatively small effect on the permeability recovery ratio. It should
be noted that as more and more fracturing fluid imbibing into the
matrix, the seepage capacity of shale matrix will inevitably
decrease, which is an important reason for the rapid decline of
shale gas production.
5. Conclusions

(1) The forced imbibition of shale samples with artificial frac-
tures can be divided into three stages: initial rapid imbibition
stage (0e22 h), intermediate transitional imbibition stage
(22e48 h), and late stage of stable imbibition (after 48 h).
Higher pressure leads to larger imbibition quantity for
samples with identical fracture width. As the imbibition
pressure increases from 30 to 60 MPa, the increase ratio of
the final imbibition quantity of different propped fractures
ranges from 15.06% to 32.59%.
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(2) The NMR T2 spectra of all shale samples exhibit bimodal
distributions. For the samples with unpropped fractures,
micropores predominate the porosity of the shale samples
(more than 89.26%). For shale samples with similar fracture
width, the difference in the imbibition volume of the frac-
turing fluid in large pores under different pressures is
negligible, but the imbibition quantity of the fracturing fluid
in micropores is obviously larger under higher pressure.

(3) Due to the prolonged migration during soaking, the frac-
turing fluid gradually migrated from artificial fractures or
large pores to the adjacent small pores. The shale gas thus
was displaced from matrix pores to fractures, and the
permeability damage caused by water blocking in propped
fractures was relieved. Higher pressurewould lead to a larger
amount of fracturing fluid diffusing into small pores.

(4) The damage ratio of effective gas permeability of all samples
ranges from 76.22% to 98.82% at the end of the imbibition
process, and the recovery ratio of effective gas permeability
of all samples is between 25.74% and 86.48%. The perme-
ability recovery ratio of the propped samples decreases as
the fracture width increases, and the experimental pressure
has relatively small effect on the permeability recovery ratio.
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