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a b s t r a c t

Surfactants are widely used in the fracturing fluid to enhance the imbibition and thus the oil recovery
rate. However, current numerical models cannot capture the physics behind capillary imbibition during
the wettability alteration by surfactants. Although the interacting capillary bundle (ICB) model shows
potential in characterizing imbibition rates in different pores during wettability alteration, the existing
ICB models neglect the influence of wettability and viscosity ratio on the imbibition behavior, making it
difficult to accurately describe the oilewater imbibition behavior within the porous media. In this work,
a new ICB mathematical model is established by introducing pressure balance without assuming the
position of the leading front to comprehensively describe the imbibition behavior in a porous medium
under different conditions, including gaseliquid spontaneous imbibition and oilewater imbibition.
When the pore size distribution of a tight rock is known, this newmodel can predict the changes of water
saturation during the displacement process in the tight rock, and also determine the imbibition rate in
pores of different sizes. The water saturation profiles obtained from the new model are validated against
the waterflooding simulation results from the CMG, while the imbibition rates calculated by the model
are validated against the experimental observations of gaseliquid spontaneous imbibition. The good
match above indicates the newly proposed model can show the water saturation profile at a macroscopic
scale while capture the underlying physics of the multiphase flow in a porous medium at a microscopic
scale. Simulation results obtained from this model indicate that both wettability and viscosity ratio can
affect the sequence of fluid imbibition into pores of different sizes during the multiphase flow, where
less-viscous wetting fluid is preferentially imbibed into larger pores while more-viscous wetting fluid
tends to be imbibed into smaller pores. Furthermore, this model provides an avenue to calculate the
imbibition rate in pores of different sizes during wettability alteration and capture the non-Darcy effect
in micro- and nano-scale pores.
© 2024 The Authors. Publishing services by Elsevier B.V. on behalf of KeAi Communications Co. Ltd. This
is an open access article under the CC BY-NC-ND license (http://creativecommons.org/licenses/by-nc-nd/

4.0/).
1. Introduction

Imbibition has a significant impact on the oil recovery rate in
tight reservoirs (Gu et al., 2017; Meng et al., 2018; Yang et al., 2019;
Guo et al., 2020). To gain a clear understanding of the imbibition
mechanism, extensive research has been conducted on the imbi-
bition behavior during the multiphase flow in porous media (Chen
et al., 2020; Hussain et al., 2021; Lei et al., 2023; Nemer et al., 2020;
Pak et al., 2023;Wu et al., 2020). To facilitate the study of the effects
y Elsevier B.V. on behalf of KeAi Co
of interfacial tension, viscosity, and other factors on the imbibition
behavior of different pores in porous media, researchers have
modeled natural porous media (such as rock (Chen et al., 2012;
Matthews et al., 2006; Zhou et al., 2013) and soil (Zhang et al.,
2022)) and artificial porous media (such as microfluidic chips
(Carrell et al., 2019; Gharibshahi et al., 2020; Lee et al., 2019; Liu
et al., 2019; Rich et al., 2019)) as capillary bundle models consist-
ing of capillary tubes with varying diameters. Numerous studies of
imbibition behavior in single capillaries provide a foundation for
exploring the physical mechanisms of multiphase flow in porous
media. Washburn (1921) conducted a study on spontaneous
imbibition of liquid-displacing-gas in a circular capillary tube. They
found that the imbibition distance was proportional to the square
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root of time, and this relationship became known as the Washburn
equation. The Washburn equation quantitatively characterizes the
effect of viscosity, contact angle, and capillary diameter on the
imbibition rate during the imbibition process, as shown in Eq. (1):

l ¼
ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
rs cosq

2m
t

s
(1)

where r represents the radius of capillary tube, s represents the
surface tension, q represents the contact angle, m represents the
dynamic viscosity of the fluid, and l represents the imbibition dis-
tance. In Washburn's spontaneous imbibition experiments, the
displaced phase was gas, and thus the viscosity of the displaced
phase was ignored in the establishment of Eq. (1). Mason and
Morrow (2013) derived the complete form of Eq. (1) by taking
into account the extra applied pressure drop and the viscosities of
both the displacing and displaced phases, as shown in Eq. (2):

r2

8

�
Pappliedþ Pc

�
, t¼1

2
ðm1 � m2Þ , L2 þm2 , Ltube,L (2)

where Papplied represents the extra applied pressure drop, Pc rep-
resents the capillary force, Ltube represents the length of a capillary
tube, m1 and m2 represent the viscosities of the displacing and dis-
placed phases respectively. Combined with Eq. (2), Mason and
Morrow (2013) calculated the imbibition rate by adjusting the
viscosity ratio. The results showed that the imbibition rate de-
creases with time as m1/m2 > 1, and increases with time as m1/m2 < 1.

Based on the understanding of imbibition behavior in single
capillaries, researchers have established various mathematical
models on the basis of a capillary bundle model to characterize
multiphase flow in porous media. Some researchers used capillary
bundle models without lateral interconnections among tubes to
simulate the imbibition behavior of multiphase flow in porous me-
dia (Dahle et al., 2005; Xiong et al., 2017; Yang et al., 2009). Dahle
et al. (2005) utilized a capillary bundle model composed of capil-
lary tubes with varying diameters to model porous media and
investigated the change of the imbibition distance with time in each
tube. Xiong et al. (2017) applied this capillary bundle model to study
the impact of the boundary layer on multiphase flow in tight res-
ervoirs. Zhao et al. (2020) established a mathematical model based
on the Poiseuille equation to characterize the imbibition behavior in
a capillary bundle, considering the influence of the boundary layer
and Bingham fluid flow, and analyzed the nonlinear imbibition
phenomenon in tight reservoirs. Although the mathematical models
based on the capillary bundle model without the cross-flow estab-
lished by Xiong et al. (2017) and Zhao et al. (2020) can describe the
phenomenon of imbibition in tight reservoirs, they have several
limitations. This type of capillary bundle model assumes that each
capillary tube is independent, resulting in simulation results that
consistently show the leading front (referring to the front of the tube
in the capillary bundle that has the longest imbibition distance)
located in the largest capillary tube, which is inconsistent with the
experimental results observed in spontaneous imbibition experi-
ments where the leading front is located in the pores with the
smallest pore size (Ashraf et al., 2017). Moreover, since the position
of the leading front cannot be predicted, such models may have
difficulties to accurately predict the shape of the displacement front
and the distribution of the residual oil during the multiphase flow in
porous media. Due to the fact that existing non-interacting capillary
bundle models do not consider cross-flow among tubes, they fail to
capture the physical mechanisms during the imbibition process
within porous media, and consequently, they are incapable of
describing the imbibition behavior within porous media.
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Other researchers have considered the characteristics of con-
nections among pores in tight reservoirs when establishing capil-
lary bundle models. Dong et al. (1998) first proposed the concept of
the interacting capillary bundle model (ICB model), in which
different capillary tubes were connected with each other to allow
cross-flow of fluids between capillary tubes. Subsequently, Dong
et al. (2005) established a mathematical model based on the
Poiseuille equation to characterize the imbibition behavior inside
the ICB, and calculated the imbibition rate of the displacing phase
and the position of the two-phase interface in different capillary
tubes during the imbibition process. The results showed that the
invasion of the displacing phase started from the capillary tube
with the smallest diameter; during the imbibition process, the
invading depth of the displacing phase was greater in capillary
tubes with smaller diameters; in addition, the two-phase profile
became steeper with the increasing displacement rate. Dong et al.
(2006) used their mathematical model to simulate the process of
waterflooding and analyzed the impacts of the length of the
capillary bundle as well as the viscosity ratio of oil and water on oil
recovery. Dong's mathematical model assumed pressure balance
between different capillary tubes at any position along the direc-
tion of the capillary bundle in the single-phase region (Dong et al.,
2005). Wang et al. (2008) suggested that the pressure needs to be
balanced at the same locations of capillary tubes with the cross-
flow. While the pressure between different capillary tubes tended
to become balanced during the imbibition process, complete
pressure balance could not be achieved. Wang and Dong (2011)
developed an interacting triangular capillary bundle model using
capillaries of equilateral triangle cross sections. The model simu-
lated the trapping phenomenon of the crude oil (the non-wetting
phase) in tight reservoirs during the imbibition process, and
investigated the impacts of the oilewater viscosity ratio and
capillary size distribution on the residual oil saturation. The results
indicated that the larger the oilewater viscosity ratio, the higher
the residual oil saturation. Furthermore, a more concentrated dis-
tribution of capillary sizes led to a lower residual oil saturation. Li
et al. (2017) proposed a fully implicit solution method to calculate
the interface positions at different times in the capillary tubes of an
ICB model under eight different water-displacing-oil scenarios. The
results indicated that the distances between interfaces became
smaller when IFT was lowered. Ashraf et al. (2023) proposed a
planar ICBmodel to predict the spontaneous imbibition behavior in
a quasi-two-dimensional porous medium and investigated the in-
fluence of the arrangement order of capillary tubes on the imbi-
bition length of the displacing phase inside tubes.

These mathematical models, established based on different ICB
models, have demonstrated good predictive capabilities for the
spontaneous imbibition behavior of gaseliquid in porous media
(Bico and Qu�er�e, 2003; Sun et al., 2016; Unsal et al., 2007). Unsal
et al. (2007), Sun et al. (2016), Bico and Qu�er�e (2003), Ashraf
et al. (2017), and Lai et al. (2016) have all observed that the lead-
ing front during experiments of gaseliquid spontaneous imbibition
in porous media is located in the smallest pores. Furthermore, Sun
et al. (2016) observed in their experiment that as spontaneous
imbibition progressed, the gap between the interfaces in small and
large diameter capillary tubes increased; in the experiment con-
ducted by Ashraf et al. (2017), it was observed that the arrangement
order of capillary tubes with different diameters had a certain in-
fluence on the relative positions of the interfaces. In summary, it
has been observed in experiments of spontaneous imbibition of
gaseliquid in porous media that the imbibition distance in pores or
capillary tubes with smaller diameters is greater than that in larger
pores or capillary tubes. This observation is consistent with the
prediction results of mathematical models based on ICBs.

Existing ICB models assume that the position of the



Fig. 1. Schematic diagram of the ICB model. The front (in tube n) corresponds to the
leading front.
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displacement front in pores of different sizes is primarily governed
by the capillary force, with smaller pores exhibiting stronger
capillary forces. As a result, imbibition initially occurs in the
smallest pores, and the position of the displacement front within
smaller pores is more forward (Dong et al., 1998). This premise may
constrain the capability of ICB models in describing the imbibition
behavior of oilewater in tight reservoirs, and may not reflect real
physical phenomena during the imbibition process. For instance, it
is commonly observed in coreflood experiments of water-wet tight
rock that the recovered oil is mainly from the larger pores (Gao
et al., 2021; Hou and Sheng, 2022; Liang et al., 2017). Addition-
ally, results contradictory to the models have been observed in
microfluidic experiments of water-displacing-oil and oil-
displacing-water. Gaol et al. (2020) conducted experiments of
water-displacing-oil and oil-displacing-water in a water-wet
micromodel with two different permeable zones. The viscosity of
water was 1.10 mPa s and that of oil was 13.82 mPa s. The results of
water-displacing-oil experiments showed that the imbibition rate
was faster in the high-permeability zone than in the low-
permeability zone, and the leading front was located in the high-
permeability zone. Similarly, the results of oil-displacing-water
experiments showed that the leading front was also located in
the high-permeability zone. Wolf et al. (2022) observed in oil-
displacing-water experiments conducted on a water-wet micro-
fluidic chip with dual porosity that the displacing phase mainly
invaded tubes with larger pore sizes. In Wolf's experiments, the
viscosity of oil (1.30 mPa s) was higher than that of water
(0.89 mPa s). Observations from oilewater displacement experi-
ments in tight rocks and microfluidic chips, contrary to the pre-
dictions of existing mathematical models of different ICBs, suggest
that the influence of viscosity ratio and wettability on the leading
front and the shape of displacement front may have been
overlooked.

The current ICB models have successfully simulated the position
of the leading front and the residual oil distribution in porous
media, compared to non-interacting capillary models. However,
their prediction on imbibition rates under varying conditions of
wettability and viscosity ratios appears to be limited. Additionally,
these ICB models fail to capture the underlying physics of capillary
imbibition during wettability alteration induced by surfactants.
Compared to existing ICB models, the mathematical model of the
ICB developed in this paper not only accurately captures the
physical phenomenon of cross-flow between pores during multi-
phase flow in porous media, but also considers the influence of
viscosity ratio and wettability on imbibition behavior in different
pores during multiphase flow. Furthermore, the model proposed in
this paper unifies imbibition behavior within porous media under
different wettability and viscosity ratio conditions. The model's
simulation results align with experimental observations, encom-
passing spontaneous gaseliquid imbibition experiments and
oilewater displacement experiments in tight rocks and micro-
fluidic chips. Additionally, the effect of interfacial tension on oil
recovery and the minimum pore size for oil flow is analyzed. The
new mathematical model not only accurately reflects the position
of the leading front and the shape of the displacement front during
multiphase flow in porous media, but also provides a method to
predict the distribution of the residual oil (in both large and small
pores), the mobilization of crude oil, and the oil recovery during
coreflood experiments in porous media.

2. Model description

2.1. Model formulation

The ICB model is used to reflect the pore characteristics of tight
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rocks (Dong et al., 2005; Li et al., 2017). Currently, the simulation
results of the ICB model can accurately predict the observation of a
gaseliquid spontaneous imbibition experiment (Bico and Qu�er�e,
2003; Sun et al., 2016; Unsal et al., 2007), but they do not yet
capture the imbibition behavior in oilewater displacement exper-
iments (Gao et al., 2021; Hou and Sheng, 2022; Liang et al., 2017).
Therefore, analyzing imbibition behavior in tight rocks using the
mathematical model of the ICB is a feasible approach. However, the
current mathematical models have several limitations. Although
the current mathematical models of different ICBs have considered
the impact of viscosity on the shape of the displacement front
during multiphase flow, the preset assumption (i.e., assuming the
leading front is situated in the tube with the smallest diameter of
the capillary bundle) seems to limit the accuracy of the models
regarding multiphase flow behavior under different conditions in
porous media. The position of the leading front is not pre-
determined in the process of establishing the mathematical model
presented in this paper. Instead, the new model aims to accurately
describe themultiphase flow behavior in natural or artificial porous
media by capturing the existing physical phenomena.

Firstly, a capillary bundle model consisting of n capillary tubes
with different diameters is constructed as shown in Fig. 1. The
length of the capillary bundle is L, and the diameters of the tubes
are arranged in the descending order from R1 to Rn.

Each tube in this capillary bundle is initially saturated with
either water, oil or gas. It is assumed that the left end of the
capillary bundle model is connected to a container of displacing
fluid. During the displacement, the displacing phase is injected
from the left end while the displaced phase is pushed out from the
right end. The interface positions in tubes 1 to n are denoted as x1,
x2, …, xm, …, xn.

Subsequently, this paper establishes a newmathematical model
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that describes the imbibition behavior in different capillary tubes of
the ICB under the condition of constant pressure difference (DP).
The driving force (DPtotal) in any tube includes both capillary force
(Pc) and an additional applied pressure drop (DP). For example, the
driving force in tube m can be expressed as Eq. (3):

DPtotal ¼DP þ Pcm (3)

where Pcm represents the capillary force in tube m.
It is believed that the imbibition behavior within each tube

during the imbibition process satisfies the two-phase flow Pois-
euille equation:

DP þ Pcm ¼ 8m1,QmðtÞ
pR4m

,xm þ 8m2,QmðtÞ
pR4m

,ðL� xmÞ (4)

In micro- to milli-scale channels, the non-Darcy effect is almost
negligible, and Eq. (4) can calculate the imbibition rate with
acceptable accuracy. However, in nano- to sub-micro-scale chan-
nels, the non-Darcy effect significantly influences the imbibition
rate. Therefore, DLVO (Derjaguin, Landau, Verwey, and Overbeek)
theory (Yuan et al., 2021; Zou et al., 2021) can be used to calculate
the disjoining pressure and the liquid film thickness within the
tubes, and make adjustments to the left-hand pressure term and
the right-hand tube radius term in Eq. (4). In the micro- and nano-
scale channels, the disjoining pressure becomes more significant
and strongly affects the stability of the liquid film covering the solid
surface, and further affects the liquid film thickness. During the
imbibition process in micro- and nano-scale channels, the dis-
joining pressure and liquid film thickness influence imbibition
behavior by constraining the volume available for liquid flow.
Therefore, the disjoining pressure and liquid film thickness func-
tion as descriptors for nonlinear flow phenomena within micro-
and nanoscale channels. The change of the imbibition distance
within tube m with time can be derived from Eq. (4) and is
expressed in Eq. (5):

r2

8
ðDP þ PcmÞ,t ¼ 1

2
ðm1 � m2Þ,x2m þ m2,L,xm (5)

Meanwhile, the imbibition behavior of the displacing phase and the
displaced phase respectively conforms to the Poiseuille equation, as
demonstrated by Eqs. (6) and (7),

Pin � Pm1 ¼ 8m1,QmðtÞ
pR4m

,xm (6)

Pm2 � Pout ¼ 8m2,QmðtÞ
pR4m

,ðL� xmÞ (7)

Pm1 and Pm2 are subject to the following relationship:

Pm2 ¼ Pm1 þ Pcm (8)

In the given equations, Pm1 and Pm2 respectively represent the
pressures adjacent to the displacing phase and the displaced phase
at the interface between the two phases; Pin and Pout represent the
pressures at the inlet and outlet of the capillary bundle, respec-
tively; m1 and m2 represent the viscosities of the displacing phase
and the displaced phase, respectively; Qm(t) represents the volu-
metric flow rate within tube m at time t; Rm corresponds to the
radius of tubem; xm represents the imbibition distance within tube
m.

After time t, under the condition of a constant pressure differ-
ence (Pin�Pout), the total volume of the displacing phase liquid
flowing into the capillary bundle can be expressed as follows:
1102
VtotalðtÞ ¼
Xn
m¼1

Qm,t ¼
Xn
m¼1

pR2m,xm (9)

After the displacement phase invades capillary tubes with
different diameters, the equilibrium of inter-tube pressure is dis-
rupted, leading to the occurrence of pressure difference among
tubes (in the regions of the displacing phase and the displaced
phase). This pressure difference drives the cross-flow of fluids
(including the displacing phase and the displaced phase) among
tubes. Hence, at any given moment, cross-flow occurs among the
tubes, and the pressures within different tubes maintains a dy-
namic equilibrium. For example, in the case of tube m, it exhibits
cross-flow with the other n�1 tubes. The volumetric flow rates of
cross-flow between tube m and the other tubes are denoted as
Qm(m/1), Qm(m/2), …, Qm(m/m�1), Qm(m/mþ1), …, Qm(m/n),
respectively. If Qm(m/s) (indicating the cross-flow between tubesm
and s) has a positive value, it signifies fluid flow from tubem to tube
s. Conversely, if the value is negative, it indicates the fluid flows
from tube s to tube m. The total volumetric flow rate of the cross-
flow in tube m is expressed by Eq. (10):

Qm�cross ¼
Xn
s¼1

Qmðm/sÞ ðssmÞ (10)

After considering the cross-flow, the volumetric flow rates
within each tube can be expressed as follows:

Q*
mðtÞ ¼ QmðtÞ � Qm�crossðtÞ

�
Q*
mðtÞ � 0

�
(11)

After the occurrence of cross-flow among tubes, pressure
equilibrium is restored among tubes, following Eqs. (12) and (13),

Grad
�
P*m1

� ¼ Grad
�
P*s1

�
(12)

Grad
�
P*m2

� ¼ Grad
�
P*s2

�
(13)

where Grad(P*s1) and Grad(P*m1) represent the pressure gradients
within the displacing phase regions of tubes s and m, respectively,
after pressure equilibrium among tubes is established. Similarly,
Grad(P*s2) and Grad(P*m2) represent the pressure gradients within
the displaced phase regions of tubes s and m, respectively, after
pressure equilibrium among tubes is achieved.

Q*
mðtÞ is defined as the apparent volumetric flow rate, which

represents the flow rate visually observed after the pressure equi-
librium is achieved among tubes. On the other hand, Qm(t) is
defined as the true volumetric flow rate, reflecting the actual flow
entering the tube, encompassing both the apparent volumetric
flow rate and the total cross-flow rate between the tubes. More-
over, x*m and xm are defined as the apparent imbibition distance and
the true imbibition distance, respectively.

At this time, the relationship among the apparent volumetric
flow rate (Q*

mðtÞ), the apparent imbibition distance (x*m), and
pressure gradient (including Grad(P*m1) and Grad(P*m2)) within each
tube is governed by Eqs. (14) and (15):

Grad
�
P*m1

� ¼ Pin � P*m1
x*m

¼ 8m1,Q*
mðtÞ

pR4m
(14)

Grad
�
P*m2

� ¼ P*m2 � Pout�
L� x*m

� ¼ 8m2,Q
*
mðtÞ

pR4m
(15)

Furthermore, the apparent volumetric flow rate and the imbi-
bition distance also satisfy Eq. (4), as depicted in Eq. (16):
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DP þ Pcm ¼ 8m1,Q
*
mðtÞ

pR4m
,x*m þ 8m2,Q

*
mðtÞ

pR4m
,
�
L� x*m

�
(16)

After pressure equilibrium among tubes is established, the total
volume (V*

total) of the displacing phase liquid flowing into the
capillary bundle can be expressed as follows:

V*
totalðtÞ ¼

Xn
m¼1

Q*
m,t ¼

Xn
m¼1

pR2m,x
*
m (17)

By analyzing Eqs. (12)e(15), it can be inferred that when the
pressure gradient within the displacing phase region in tube m is
equivalent to the pressure gradient within the displacing phase
region in tube s, the pressure gradients within the displaced phase
region in both tubes are also equivalent.

After a time duration of t, the principle of mass conservation is
satisfied in the inflow of the displacing phase into the capillary
bundle both before and after cross-flow occurs, implying that the
volume of the displacing phase entering the capillary bundle re-
mains unchanged, regardless of considering or the cross-flow
among tubes. This condition is described by Eq. (18):

V*
totalðtÞ¼VtotalðtÞ (18)

In conclusion, for an ICB composed of n capillary tubes, the imbi-
bition process considering the cross-flow and the corresponding
equations can be summarized as follows.

(1) After pressure equilibrium among tubes is established,
imbibition behavior occurs in each tube within a very short
time interval. Under the condition of balanced pressure
gradients, the imbibition behavior during this time interval
satisfies the two-phase flow Poiseuille equation (Eq. (4)).
After the occurrence of imbibition, the pressure equilibrium
among tubes is disrupted, resulting in the generation of the
pressure difference among tubes. The emergence of the
pressure difference induces cross-flow of fluid between
tubes, driving the restoration of the pressure equilibrium
among tubes. After pressure equilibrium among tubes is
achieved, the fluid flow within each capillary tube satisfies
Eq. (16), with a total of n equations.

(2) Additionally, upon the restoration of the pressure equilib-
rium among tubes, the pressure gradients within the dis-
placing phase (displaced phase) regions of any two tubes are
equal, satisfying Eq. (12) (Eq. (13)), resulting in a total of n�1
equations.

(3) Before and after the pressure equilibrium (cross-flow)
among tubes, the inflow of the displacing phase fluid into the
capillary bundle obeys the law of mass conservation. In other
words, the total volume of the displacing phase fluid entering
the capillary bundle prior to equilibrium is equal to the total
volume of the displacing phase fluid within the capillary
bundle after equilibrium has been established (as indicated
by Eq. (18)).

In the newmathematical model of the ICB, there are a total of 2n
unknowns, comprising Q*

1ðtÞ to Q*
nðtÞ, x*1 to x*n. Throughout the

solution process, the nonlinear equations group comprises a total of
2n equations. With the 2n equations, the new mathematical model
of the ICB can be solved. Furthermore, in the case where either the
apparent volumetric flow rate (Q*

mðtÞ) or the apparent imbibition
distance (Q*

m) within tube m is known, the other parameter can be
determined by utilizing Eq. (16).
1103
2.2. Solving procedure

To solve for the flow rate and interface position in each tube at
different time points, we use Newton's iterative method for nu-
merical solutions. The nonlinear equations group solved by the
Newton iterativemethod consists of Eqs. (12), (16) and (18), and the
process is as follows.

2.2.1. Newton's method for iterative solution
For any given time t, the flow rates and interface positions in

each tube satisfy the above nonlinear equation system. The un-
known variables are

½Y � ¼ �
x*1; x

*
2; ,,,; x

*
n;Q

*
1 ;Q

*
2 ; ,,,;Q

*
n
�T

(19)

The residual form and iterative expressions of the Newton
iteration equation group are constructed as shown in Eqs. (20) and
(21):8>>>>><
>>>>>:

Rm1 ¼ 8
pR4m

Q*
mðtÞ

�
m1x

*
mðtÞ þ m2

�
L� x*mðtÞ

	 
� ðDP þ PcmÞ

Rm2 ¼ Grad
�
P*m1

�� Grad
�
P*11

�
R3 ¼ V*

totalðtÞ � VtotalðtÞ
(20)

½J�dY ¼ � R (21)

wherein,

R¼
�
R11;R21; ,,,;Rn1;R12;R22; ,,,;Rðn�1Þ2;R3

�T
(22)

dY ¼ðdx1; dx2; ,,,; dxn; dQ1; dQ2; ,,,; dQnÞT (23)

½Y �iþ1 ¼ ½Y �i þ ½dY �i (24)

½J�¼

0
BBBBBBBBBBBBBBBBBBBBBBBBBBBBBBBBB@

vR11
vx1

vR11
vx2

,,,
vR11
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(25)

2.2.2. Solution steps
To solve for the flow rates and interface positions at any time t,

the time step is set to Dt, where Dt¼ 0.01 s. At the ith time step, the
corresponding total time is t ¼ i·Dt.
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The detailed solution steps are outlined as follows.

Step 1: When i ¼ 1, with t ¼ Dt, the true imbibition distance
xm(Dt) is computed using Eq. (5). Subsequently, the true volu-
metric flow rate Qm(Dt) and the total volume of the displacing
phase Vtotal(Dt) entering the capillary bundle are calculated
separately based on Eqs. (4) and (9) respectively. And then,
arbitrary initial values of cross-flow rate between tubes are
given

½Qcross�0 ¼
�
Q0
1�cross;Q

0
2�cross; ,,,;Q

0
n�cross

�T
(26)

Based on Eqs. (11), (16) and (26), the expressions for the
apparent volumetric flow rate and the apparent imbibition distance
can be derived. The matrix form is expressed as Eq. (27):

½Y �0 ¼
�
x*01 ; x*02 ; ,,,; x*0n ;Q*0

1 ;Q*0
2 ; ,,,;Q*0

n

�T
(27)

wherein, the superscript “T” denotes the transpose of the matrix.

Step 2: Calculate ½J�0 and ½R�0 by using ½Y�0, and then compute

½dY �0 by combining Eq. (21);

Step 3: Substituting ½dY�0 into Eq. (24), ½Y �1 can be obtained, and

then ½J�1 and ½R�1 can be derived by further calculation; subse-

quently, repeat step 2 to calculate ½dY�1;
Step 4: Check whether ½dY�1 is less than ε (precision require-
ment). If the precision requirement is met, stop the iteration;
otherwise, repeat steps 2 and 3 to continue the iteration until

½dY �1 is less than ε;
Step 5: Repeat steps 1 to 4 to calculate the apparent volumetric
flow rates (Q*

m(i$Dt)) and the apparent imbibition distances
(x*m(i$Dt)) in each tube at time t ¼ i$Dt.

3. Model validation

Using two case studies, this section validates the simulation
performance of the new mathematical model in predicting the
spontaneous imbibition behavior of gaseliquid in different tubes
within porous media and the changes in water saturation during
the displacement process in tight reservoirs.

3.1. Case 1: Spontaneous imbibition of liquid-displacing-air

In spontaneous imbibition experiments of ICBs, a common
phenomenon is observed where the leading front is located inside
the capillary tube with smallest diameter (Ashraf et al., 2017; Bico
and Qu�er�e, 2003; Sun et al., 2016). During the process of
gaseliquid spontaneous imbibition, the forces involved are mainly
the capillary force and the viscous forces of the displacing phase. In
this section, the experimental data published by Unsal et al. (2007)
is selected, and the new mathematical model is used to calculate
the change of the imbibition distance with time in tubes with
different diameters, under the experimental conditions.

3.1.1. Experimental data
In Unsal's paper, spontaneous imbibition experiments were

conducted using an ICB composed of three capillary tubes. The
invading fluidwas liquid paraffinwith a viscosity of 180mPa s and a
surface tension of 33.83 mN/m. Liquid paraffin was considered as a
fully wetting oil phase, with an approximate contact angle of 0�.
The experimental results demonstrated a linear relationship be-
tween the square root of the imbibition distance and time,
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consistent with the predicted results of the Washburn equation
(Washburn, 1921) for gaseliquid imbibition behavior. In this paper,
the data of Unsal's co-current spontaneous imbibition process with
a groove angle (referring to the angle between the flat glass plate
and the groove) of 85� is selected for comparative analysis, as
shown in Fig. 2. Here, d represents the gap between the circular rod
and the upper surface, R represents the radius of the circular rod, c
represents the width of the small tube, and b represents the angle
between the upper glass plate and the groove.

Fig. 2(a) illustrates that the cross-sectional geometry of the
three capillary tubes in Unsal's experimental capillary bundle
model is irregular. When utilizing the new mathematical model to
predict the imbibition behavior under experimental conditions, the
diameters of the tubes represent the sole uncertain input param-
eter. Therefore, the hydraulic radii (Lala and El-sayed, 2015) of the
three capillary tubes are calculated in this section. The formula for
calculating the hydraulic radius is as follows:

Rh ¼
A
P

(28)

where Rh represents the hydraulic radius; A represents the cross-
sectional area of the tube completely wetted by the wetting
phase; P represents the wetted perimeter of the cross-sectional
area. As shown in Eq. (29), the radius of a circular capillary tube
is twice the hydraulic radius of an irregular capillary.

Rh�circle ¼ A
P
¼ pR2circle

2pRcircle
¼ Rcircle

2
(29)

where Rh-circle represents the hydraulic radius of an irregular
capillary in Unsal's interacting capillary bundle; Rcircle represents
the radius of the circular capillary that is converted from the
irregular one.

In this case, the radius of the circular rod (R) is 1.58 mm, the
groove angle (b) is 85�, and the gap (d) between the glass plate and
the rod is 0.2 mm. During the calculation of the hydraulic radius,
the width of the small capillary (c) is given as 1.18 mm. The wetted
perimeter (P) and cross-sectional area (A) of the large, medium, and
small capillary tubes are then separately calculated. The hydraulic
radii of the large, medium, and small capillary tubes in the exper-
imental capillary bundle model are calculated using Eq. (28) and
are found to be approximately 0.179, 0.130, and 0.117 mm,
respectively.
3.1.2. Comparison of simulation and experimental results
An ICB model comprising three circular capillary tubes is

designed, and the radii of the three tubes are determined to be
0.358, 0.260, and 0.234 mm, respectively, using Eq. (29) and the
previously calculated hydraulic radii. The change of the imbibition
distance with time for each tube in this ICB with three channels is
calculated under given conditions of fluid viscosity, surface tension,
and solideliquidegas contact angle. The experimental results are
compared with the calculated results, as depicted in Fig. 3. The
calculation results indicate that the leading front is located in the
small pores when the more-viscous wetting fluid displaced air
through spontaneous imbibition. The results calculated by the new
mathematical model are consistent with the phenomenon
observed in spontaneous imbibition experiments in porous media
(Ashraf et al., 2017; Bico and Qu�er�e, 2003; Sun et al., 2016). The
comparison results show that the calculated results match well
with the experimental results (Unsal et al., 2007) in terms of the
change of imbibition distance with time for the small and medium
tubes, with deviations of 2.31% and 2.32%, respectively. For the large
tubes, a lower matching degree of 19.35% is observed.



Fig. 2. Schematic of the cross-section (a) and longitudinal section (b) of the capillary bundle used in Unsal's spontaneous imbibition experiments (Unsal et al., 2007).

Fig. 3. Comparison of simulation and experimental results (Unsal et al., 2007).
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As shown in Fig. 2(b), the shape of the displacement front in the
three capillary tubes during the imbibition process deviates from
that shown in Fig. 2(a), exhibiting a leftward tilt towards the large
tube. Therefore, in the actual imbibition processes, the hydraulic
radius of the large tube is smaller than the calculated value, and the
actual values of the three hydraulic radii are closer. As a result, the
actual imbibition rate (the change of imbibition distancewith time)
in the large tube is closer to those in the medium and small tubes
compared to the simulation results.

In general, considering the irregular shape influence, the new
mathematical model exhibits excellent predictive capability in
estimating the imbibition rate of capillary tubes with different di-
ameters during the spontaneous imbibition process in Unsal's ICB.
Fig. 4. The plan view of the geological model.
3.2. Case 2: Numerical simulation of water-displacing-oil

The ICB model has the ability to simulate the changes in water
saturation during water imbibition in tight reservoirs (Dong et al.,
2006). Therefore, in this section, a water-wet tight reservoir is
established using numerical simulation software, and the new
mathematical model is used to predict the changes in water satu-
ration curve over time at different locations after determining
various parameters. In addition, the calculation results show that
the leading front is located in the tube with the largest diameter
during the displacement process of water-displacing-oil.
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3.2.1. Numerical model of the reservoir
The 2D plan view of the geological reservoir established using

CMG numerical simulation software is shown in Fig. 4. The reser-
voir is water-wet with a length of 18 m, porosity of 8.5%, and
permeability of 0.3 mD. The original formation pressure is 20 MPa,
and the boundwater saturation is set to 28%. The reservoir contains
two parallel fractures of equal length, and a well is placed in the
middle of each fracture. The injectionwell is located on the left, and
the production well on the right. The permeability of the fractures
is set to 1000 mD, which is much larger than that of the matrix
reservoir, ensuring that the injected water enters the fractures
before entering the matrix. The high permeability of the fractures
reduces the pressure drop within the fractures, ensuring that the
pressure remains constant at all locations within the fractures.
During the waterflooding simulation process, the viscosity of water
is set to 1.0 mPa s, the viscosity of oil is set to 1.2 mPa s. The water
saturation curves are recorded for three different pressure differ-
entials, namely 10, 15, and 20 MPa.

In conventional coreflood experiments, permeability is used to
characterize the ability of porous media to allow fluid flow. The
larger the permeability, the greater the fluid ability to pass through.
Li et al. (2023) and Zhao et al. (2022) investigated the change of
rock permeability with its average pore radius. The results showed
that there is a positive correlation between rock permeability and
average pore radius, as shown in Fig. 5. The good correlation once
again confirms that the ICB model can be used to characterize the
imbibition behavior in different pores within porous media.

3.2.2. Determination of the radius range and volume distribution of
capillary tubes

To predict the saturation changes during oilewater displace-
ment process in porous media using the new mathematical model,
the model parameters should not only specify the contact angle,
interfacial tension, and viscosities of oil and water, but also the
radius range of capillary tubes, as well as the volume distribution of



Fig. 5. Correlation between permeability and average pore radius. The blue square
data points are from Nelson (2009), the green triangular data points are from Lu et al.
(2022), the red circular data points are from Zhao et al. (2022), and the dark yellow
diamond data points are from Li et al. (2023). In addition, the black pentagram rep-
resents the permeability in our numerical model and the average pore radius in the
mathematical model.

Fig. 7. Comparison of water saturation curves. The displacement pressure drops are
10 (a), 15 (b), and 20 MPa (c), respectively. The dashed lines represent the simulation
results from CMG, and the solid lines represent the simulation results from the new
mathematical model.
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capillary tubes.
Firstly, by adjusting the radius range and the volume distribu-

tion of capillary tubes, the water saturation curve is computed
using the new mathematical model. Subsequently, the radius dis-
tribution of capillary tubes are determined by fitting the numerical
simulation results (the water saturation curve) under a pressure
difference of 10 MPa. The radius distribution is shown in Fig. 6
where, the water saturation curve of the ICB model exhibits a
good match to that of the homogeneous reservoir, as illustrated in
Fig. 7(a) in Section 3.2.3. Then, the saturation distribution is
calculated for pressure drops of 15 and 20 MPa using the radius
distribution and the newly proposed mathematical model.

Qin et al. (2022) and Gostick (2017) proposed that the radius
distribution of pores in homogeneous rocks typically exhibits a
Fig. 6. Diagram of the radius distribution of capillary tubes.
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positively skew distribution, which is applied in the following
calculation of this study.
3.2.3. Prediction and comparison
The waterflooding process in this tight reservoir is stimulated

using the numerical model with adjusted displacement pressure
drops of 15 and 20 MPa, and we record the water saturation curves
at different times, as shown by the dashed lines in Fig. 7(b) and (c).
Using the new mathematical model, the distributions of the
displacement front in capillary tubes of different radii under the
displacement pressure drops of 15 and 20 MPa are calculated. By
combining the radius distribution of capillary tubes shown in Fig. 6,
the water saturation curves are obtained, as shown by the solid
lines in Fig. 7(b) and (c). Fig. 7(b) and (c) shows a high level of
agreement between the water saturation curves obtained by the
two methods. The results indicate that, under the conditions of
known viscosity, interfacial tension, radius range, and volume dis-
tribution of capillary tubes, the newmathematical model of the ICB
established in this study can predict the imbibition behavior in
natural tight reservoirs and exhibits good predictive accuracy.

Subsequently, the average pore radius of the capillary bundle
model shown in Fig. 6 is calculated to be 125 nm. The average pore
radius (125 nm) of the capillary bundle model corresponds to a
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permeability of 0.3 mD in the numerical model, as shown by the
black pentagram in Fig. 5. The position of the black pentagram in
Fig. 5 conforms to the overall trend between the average pore
radius and permeability. This suggests that the new mathematical
model can predict the imbibition behavior in porous media during
the waterflooding process effectively. In addition, the good pre-
dictive performance indicates that the mathematical model can
reflect the shape of displacement front and water saturation profile
at any time at the reservoir scale, providing a new research tool for
the imbibition behavior during the waterflooding process in
reservoirs.

Furthermore, this model offers the potential to incorporate the
solid-liquid interfacial interactions, such as disjoining pressure and
liquid film thickness, for characterizing nonlinear flow phenomena
within micro- and nano-scale pores.

In this section, the new mathematical model is used to match
the gaseliquid imbibition behavior in the ICBmodel and predict the
water saturation curves during the waterflooding process under a
constant displacement pressure drop in tight reservoir. Both cases
demonstrate good prediction results. According to the computa-
tional results of the mathematical model, the leading front during
the gaseliquid imbibition process is located in the capillary tube
with the smallest diameter. In contrast, during the process of less-
viscous wetting phase (water) displacing the more-viscous non-
wetting phase (oil), the leading front is located in the capillary tube
with the largest diameter, consistent with the experimental
observation (Gaol et al., 2020; Wolf et al., 2022). The two cases not
only demonstrate the significant influence of viscosity ratio and
wettability on the imbibition behavior during the displacement
process in porous media, but also illustrate that the new model is
capable of capturing the effects of wettability and viscosity ratio on
the sequence of fluid entry and the shape of displacement front
during the imbibition process in tight reservoirs.

4. Model application

This section employs the new mathematical model to compute
the relative position of the interface in distinct tubes of the capillary
bundle under different conditions of wettability and viscosity ratio
to qualitatively analyze the position of the leading front and the
shape of the displacement front during the imbibition process
under different oilewater viscosity ratios in water-wet and oil-wet
reservoirs. The effects of interfacial tension and viscosity on the
minimum pore size for oil flow, water saturation profile, and oil
recovery during displacement process in porous media are
analyzed. Furthermore, the potential applications of the new
mathematical model in the displacement process in tight reservoirs
are discussed.

4.1. Effect of viscosity ratio and wettability on the leading front

Currently, various imbibition experiments in porous media have
been conducted, including coreflood experiments for oil recovery
and microfluidic chip experiments for oil displacement. Research
results have shown that the difference in wettability and viscosity
ratio can affect the leading front and the order of fluid entry into
large and small pores during the imbibition process (Gaol et al.,
2020; Unsal et al., 2007; Wolf et al., 2022). In the process of
establishing the mathematical model of the ICB, the significant
influence of viscosity ratio and wettability does not seem to have
been recognized. The new mathematical model established in this
paper based on the ICB considers the combined effects of wetta-
bility and viscosity ratio on the sequence of fluid invasion during
the displacement process in porous media.

The computational results in the model validation section
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demonstrate that, when a more-viscous wetting fluid is used as the
displacing phase, the front of the invading fluid enters the capillary
tubes with the smallest diameter first. Conversely, when a less-
viscous wetting fluid is used as the displacing phase, the front of
the invading fluid enters the capillary tubes with the largest
diameter first. However, all parameters, such as fluid properties and
pore size distribution, of the ICB model are different for the two
cases discussed in the model validation section. To facilitate the
comparison of the shape of displacement front under different
conditions of viscosity ratio and wettability, a 5 cm long ICB model
consisting of 32 tubes is designed in this section. The radii of tubes
are uniformly distributed from Rmin ¼ 50 nm to Rmax ¼ 100 nm. The
variation of the imbibition distance with time in capillary tubes of
different diameters is calculated using a mathematical model for
four combinations of wettability and viscosity ratio. The interfacial
tension is set at 30 mN/m, and the viscosities of the less-viscous
and more-viscous fluids are set at 1 and 9 mPa s, respectively. For
the case of the wetting phase as the displacing fluid, the contact
angle is set to 7.5� and the displacement pressure difference is set to
0.5 MPa. Conversely, for the non-wetting phase as the displacing
fluid, the contact angle is set to 172.5�, and the displacement
pressure difference is set to 1.7 MPa to overcome the capillary force
and ensure that all tubes are invaded during the displacement
process.

The calculation results are shown in Fig. 8. Fig. 8(a) and (d)
clearly illustrate that, in the case of the less-viscous wetting fluid
and more-viscous non-wetting fluid as the displacing phases, the
leading front is located in the capillary tube with the largest
diameter, and as imbibition proceeds, the displacing phase pro-
gressively invades tubes with decreasing diameter. Conversely, in
the other two scenarios depicted in Fig. 8(b) and (c), the leading
front is situated in the capillary tube with the smallest diameter. As
the imbibition proceeds, the displacing phase is gradually drawn
into tubes with increasing diameters.

In the new mathematical model of the ICB established in this
paper, interfacial tension, contact angle, viscosity (including that of
both the displacing and displaced phases) are all input parameters.
The impact of viscosity ratio and wettability on the leading front is
explained through the following case. As depicted in Fig. 9, the
imbibition process divides the capillary bundle into three zones,
comprising two single-phase regions (illustrated by blue and red
zones in Fig. 9) and one two-phase region (shown by the orange
zone in Fig. 9). The diameter of Tube 1 is smaller than that of Tube 2.
Within the single-phase region, there is no pressure difference
between two tubes at the same location along the direction of the
ICB. In the case where less-viscous wetting fluid is used as the
displacing phase, the leading front is located in the capillary tube
with the largest diameter. In this scenario, the pressure gradient in
the displacing phase region is smaller than that in the displaced
phase region, as shown in Fig. 9(c). In the two-phase region, Tube 1
is filled with the displaced phase while Tube 2 is filled with the
displacing phase. Therefore, the pressure gradient inside Tube 1
and Tube 2 respectively matches that of the displaced phase and
the displacing phase region. As shown in Fig. 9(c), two vertical lines
represent the capillary forces inside Tube 1 and Tube 2, Pc1 and Pc2,
respectively. Pc1 is significantly larger than Pc2, which is consistent
with the fact that Tube 1 has a smaller diameter than Tube 2 in
Fig. 9(a). Similarly, the position of the leading front can be analyzed
for the other three cases by considering Fig. 9(d), (e), (f).

The new mathematical model elucidates the influence of
wettability and viscosity ratio on the location of the leading front
and the shape of displacement front. This provides a qualitative
method for analyzing the invasion position of the displacing phase
in pores of different sizes during multiphase flow in tight rocks.
Additionally, by integrating analysis of nuclear magnetic resonance



Fig. 8. The shape of the displacement front in the ICB with tubes of different radii. The less-viscous wetting fluid (a), more-viscous wetting fluid (b), less-viscous non-wetting fluid
(c), and more-viscous non-wetting fluid (d) are as displacing phase, respectively.
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(NMR) T2 spectra and mercury intrusion porosimetry (MIP), it is
anticipated that the displacement front position and distribution
within different pores can be quantified during coreflood experi-
ments in tight rocks.

4.2. Effect of interfacial tension on the minimum pore size for oil
flow

During the process of stimulation in tight reservoirs, surfactants
(wettability modifiers) are commonly added to fracturing fluids to
enhance oil recovery (Yan et al., 2023; Zhao et al., 2022). For water-
wet reservoirs, the addition of surfactants can increase the capillary
number, thereby enhancing oil recovery (Johannessen and Spildo,
2013). In addition, reducing interfacial tension significantly re-
duces the capillary force, thereby greatly increasing the recovery of
fracturing fluid during the backflow period, which is beneficial for
enhancing oil recovery (Wijaya and Sheng, 2020). For oil-wet res-
ervoirs, surfactants can alter the wettability of the reservoirs,
thereby improving the efficiency of oil production through spon-
taneous imbibition (Kathel and Mohanty, 2013). Currently, NMR
technology has been applied to coreflood experiments, where the
relaxation time in the NMR T2 spectrum can be correlated with the
pore size distribution of tight rock cores, enabling the differentia-
tion of various pore sizes. Researchers employ NMR technology to
measure the hydrogen signals in pores of different sizes during
coreflood experiments at different time intervals, thereby moni-
toring the oil saturation in different pores (Adenutsi et al., 2019; Lyu
et al., 2018, 2020). Combining T2 spectrum analysis, researchers can
investigate the impact of factors such as interfacial tension on the
oil recovery within individual pore sizes.

Fortunately, the new mathematical model has the potential to
predict the recovery rate in pores of different sizes and the overall
recovery rate under given conditions of interfacial tension, viscos-
ity, and other factors in coreflood experiments. This section em-
ploys the new mathematical model to analyze the influence of
interfacial tension on oil recovery and the minimum size of mobi-
lizable oil within porous media during the displacement processes.
The ICB model used in this section is the same as that in Section 4.1.
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The frequency of radius distribution for the capillary bundle model
is designed as illustrated in Fig. 11. The viscosities of water and oil
are set as 1 and 9 mPa s, respectively. As depicted in Fig. 10, the ICB
model is initially saturated with oil in each tube, represented by the
orange solid line. The area enclosed by the curves and the hori-
zontal axis represents the volume of the oil phase.

Fig. 10 illustrates the residual oil volume within each tube and
the corresponding EOR under varying interfacial tension conditions
when the leading front reaches the same position (approximately
6/10 of the total length of the capillary bundle). The results
demonstrate that as the interfacial tension decreases from 2 to
0.6 mN/m, EOR increases from 5.53% to 25.48%, and the minimum
pore radius for oil flow reduces from 85.5 to 61.3 nm. In conclusion,
the new mathematical model clarifies the limiting radius for oil
flow under different conditions, providing a new approach for
determining the residual oil saturation and enhancing the residual
oil recovery.

The new mathematical model is expected to explore the un-
derlying physical mechanisms of immiscible displacement pro-
cesses in pores of tight rocks through the synergy of nuclear
magnetic resonance andmicrofluidic technologies. Unconventional
oil and gas reservoirs, including tight oil, tight gas, shale oil, and
shale gas, are primarily characterized by the presence of micro-to
nano-scale pores in the rock matrix, which exhibit complex non-
linear flow behavior inside (Zou et al., 2012). In the flow process
within micro-nano confined spaces, the liquid film on the porewall
has significant different characteristics frombulk fluids (Thompson,
2018). At the micro- and nano-scale, intermolecular forces between
reservoir fluids and the rock surface can affect their properties (like
the density, surface tension, and the affinity), which then affects the
imbibition process (Zou et al., 2021). Kelly et al. (2018) conducted
experiments of polar and nonpolar fluids displacing gas on a nano-
scale microfluidic chip. The results showed that the measured
imbibition rate differs greatly from the predicted imbibition rate
using the classical Washburn equation. The significant deviation
between the measured imbibition rate and the predictions of
traditional models in micro- and nano-scale porous media implies
that scientists should question the predictive ability of traditional



Fig. 9. Pressure gradient diagram in the dual-tube ICB.
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models and investigate the effect of pore scale on fluid properties
such as viscosity and interfacial tension in the nano-scale
confinement. The new mathematical model not only offers a
fundamental framework for modifying the imbibition model to
predict fluid behavior in micro- and nano-scale porous media but
also provides an expanded framework for introducing the effects of
polar fluid adsorption-induced pore space reduction, dynamic
contact angle changes.

Additionally, by combining the effects of wettability and vis-
cosity ratio on the displacement front profile and the leading front,
the distribution of water and oil within pores of different sizes in
unconventional reservoirs during diverse production operations
can be qualitatively evaluated. The fluid flow behavior of oil-wet
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reservoirs during the process from hydraulic fracturing to pro-
duction can be analyzed as an example. During the hydraulic
fracturing and shut-in stages, the bottom-hole pressure is greater
than the reservoir pressure. As a result, the water-based fracturing
fluid, which is a non-wetting phase fluid, invades the pores and the
leading front is located in the smallest pores, as shown in Fig. 8(c).
After a prolonged exposure to water-based fluids containing wet-
ting reversal agents, the reservoir undergoes a wettability alter-
ation towards a water-wet state. During the subsequent flowback
and production stages, the bottom-hole pressure decreases and the
oil in the reservoir flows into the bottom of the well due to the
pressure difference and oil swelling. At these stages, the oil is a non-
wetting phase fluid and the leading front is located in the larger



Fig. 10. Oil distribution among pores with different radii.

Fig. 11. The relationship between interfacial tension and the minimum pore radius for
oil mobility.
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pores, as shown in Fig. 8(d).

5. Conclusions

The establishment of the mathematical model of the ICB in this
paper considers the impact of cross-flow between tubes and adopts
the pressure balance assumption (Dong et al., 2005) to describe the
cross-flow. Moreover, the position of the leading front is not
explicitly defined in the establishment of the mathematical model.
Rather, the physical phenomenon of multiphase flow in porous
media (tight rocks) is leveraged to capture the realistic imbibition
behavior within various pores. Finally, a mathematical model of
ICBs that incorporates the effects of viscosity, interfacial tension,
and wettability is developed. Using the established mathematical
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model, the effects of viscosity ratio and wettability on the leading
front and displacement front shape, as well as the impact of
interfacial tension on the oil recovery and the minimum pore size
for oil flow, are analyzed.

(1) Compared to other mathematical models that describe the
imbibition behavior in the ICB, the new one proposed in this
study considers the impact of wettability and viscosity ratio,
thereby achieving better agreement with the experimental
outcomes of the experiments of liquid-displacing-gas and
water-displacing-oil in porous media (including natural
rocks and microfluidic chips). The calculation results of the
new model show that when a more-viscous wetting fluid is
used as the displacing phase, the displacing phase is first
invaded into the smallest diameter tube; as the imbibition
progresses, the displacing phase gradually enters tubes with
increasing diameter. Conversely, when a less-viscous wetting
fluid is used as the displacing phase, the displacing phase is
first invaded into the largest diameter tube, and as the
imbibition progresses, it gradually enters tubes with
decreasing diameter. When a non-wetting fluid is used as the
displacing phase, the invasion order of the displacing phase
under different viscosity ratio conditions will also vary.

(2) The newmodel can predict imbibition behavior and changes
in water saturation profiles during displacement in porous
media. In addition, it can also predict the influence of inter-
facial tension on the minimum tube size for oil flow and the
imbibition rate in different tubes. The results indicate that
the reduction of interfacial tension can narrow the oilewater
two-phase region, leading to awater saturation profile that is
closer to piston-like displacement. Additionally, the reduc-
tion of interfacial tension can also decrease the minimum
tube size for oil flow, allowingmore oil to bemobilized in the
tubes and thus enhancing oil recovery.

(3) The new model not only provides a prediction method for
the distribution of the residual oil (in pores of different sizes)
and the mobilization of oil in different pores, but also for the
recovery efficiency after tight rock oil displacement.
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