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a b s t r a c t

Spontaneous imbibition (SI) is an important mechanism for enhancing oil recovery in low-permeability
reservoirs. Due to the strong heterogeneity, and the non-Darcy flow, the construction of SI model for low-
permeability reservoirs is extremely challenging. Commonly, traditional SI models based on single or
averaged capillary tortuosity ignore the influence of heterogeneity of pore seepage channels and the
threshold pressure (TP) on imbibition. Therefore, in this work, based on capillary model and fractal
theory, a mathematical model of characterizing SI considering heterogeneity of pore seepage channels is
established. On this basis, the threshold pressure was introduced to determine the pore radius at which
the wetted phase can displace oil. The proposed new SI model was verified by imbibition experimental
data. The study shows that for weakly heterogeneous cores with permeability of 0e1 mD, the traditional
SI model can characterize the imbibition process relatively accurately, and the new imbibition model can
increase the coefficient of determination by 1.05 times. However, traditional model has serious de-
viations in predicting the imbibition recovery for cores with permeability of 10e50 mD. The new SI
model coupling with heterogeneity of pore seepage channels and threshold pressure effectively solves
this problem, and the determination coefficient is increased from 0.344 to 0.922, which is increased by
2.68 times. For low-permeability reservoirs, the production of the oil in transitional pores (0.01e0.1 mm)
and mesopores (0.1e1 mm) significantly affects the imbibition recovery, as the research shows that when
the heterogeneity of pore seepage channels is ignored, the oil recovery in transitional pores and mes-
opores decreases by 7.54% and 4.26%, respectively. Sensitivity analysis shows that increasing interfacial
tension, decreasing contact angle, oilewater viscosity ratio and threshold pressure will increase imbi-
bition recovery. In addition, there are critical values for the influence of these factors on the imbibition
recovery, which provides theoretical support for surfactant optimization.
© 2023 The Authors. Publishing services by Elsevier B.V. on behalf of KeAi Communications Co. Ltd. This
is an open access article under the CC BY-NC-ND license (http://creativecommons.org/licenses/by-nc-nd/

4.0/).
1. Introduction

With the development of the petroleum industry, the recover-
able reserves of conventional reservoirs have been declining year
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by year. Therefore, the exploration and development of low-
permeability reservoirs have gradually become the focus of petro-
leum engineering. Low-permeability reservoirs typically have poor
porosity, low permeability, small laryngeal radius, and significant
heterogeneity (natural fractures development) (Higgs et al., 2007;
Zou et al., 2012; Sun et al., 2019). Due to their strong heterogeneity,
low-permeability reservoirs exhibit significant differences in
permeability between microcracks and matrix. During the water
flooding development of low-permeability reservoirs, water tends
to move along high-permeability channels with lower flow resis-
tance, resulting in a low waterflooding recovery rate (Allan and
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Sun, 2003; Seethepalli et al., 2004). In recent years, many research
results have shown that compared to water flooding, exploiting
low-permeability reservoirs by spontaneous imbibition can
significantly improve the recovery of low-permeability reservoirs,
providing a new direction for achieving efficient development of
low-permeability reservoirs (Xu et al., 2019; Das et al., 2019; Yassin
et al., 2018).

Spontaneous imbibition refers to the displacement of a non-
wetting phase (NWP) by a wetting phase (WP) through capillary
forces in a porous medium (Morrow and Mason, 2001; Mirzaei-
Paiaman et al., 2013). The process of spontaneous liquid infiltra-
tion into a substrate is primarily controlled by strong physical or
chemical mechanisms such as capillary action, semi-wicking, or
other related phenomena (Mason and Morrow, 2013). Lucas (1918)
and Washburn (1921) regard the porous medium as a single
capillary and establishes the LucaseWashburn (LeW) equation to
describe the process of spontaneous imbibition. Researchers have
used imbibition experiments to demonstrate that imbibition re-
covery is influenced by multiple factors, including pore structure
(Cao et al., 2022; Liu et al., 2020; Dai et al., 2019), reservoir
wettability (Kalaei et al., 2013; Javaheri et al., 2018; Liu and Sheng,
2019), interfacial tension (IFT) (Adibhatla and Mohanty, 2008;
Gupta and Mohanty, 2010), viscosity (Meng et al., 2017), and
boundary conditions (Meng et al., 2019; Yang et al., 2021). The LeW
model cannot provide a detailed explanation of themechanism and
controlling factors of imbibition recovery, thus underscoring its
limitations and deficiencies in characterizing the imbibition re-
covery process.

Based on different mathematical methods, researchers have
established numerous models to describe the SI process (Mason
and Morrow, 2013), including the capillary tube model (Dong
et al., 1998; Ruth and Bartley, 2011), continuum model (Adibhatla
et al., 2005; El-Amin et al., 2013), and the pore network model
(PNM) (Øren et al., 1998; Zhou et al., 2014) as the main ones.
However, most of these models simplify the heterogeneity of pore
geometry and pore structure, ignoring the influence of macro-
heterogeneity and micro-pore throat structure on imbibition in
low-permeability and tight reservoirs. Therefore, in recent years,
based on molecular dynamics (Tian et al., 2021; Sang et al., 2022),
lattice Boltzmann (LBM) (Porter et al., 2009; Leclaire et al., 2017),
and dynamic network models (Al-Gharbi and Blunt, 2005; Tørå
et al., 2012), researchers have further studied the influence of
micro-nano pores and heterogeneity on imbibition rules. But the
MD method is only suitable for simulating SI processes with short
time intervals in the nano-scale. LBM can simulate SI in complex
nano-scale pore structures, but its computational demands make it
impractical for rock core. The dynamic network models face
modeling and computational difficulties in characterizing sponta-
neous imbibition (Lux and Anguy, 2012).

Low-permeability reservoirs is composed of numerous micro-
nano pores, and the pore structure is highly complex and hetero-
geneous, making it difficult to represent the pore structure pa-
rameters in Euclidean geometry. It has been demonstrated that the
pore spaces of many natural porous media exhibit fractal charac-
teristics, meaning that they are self-similar at multiple scales (Yu
et al., 2002). With the application of techniques such as nuclear
magnetic resonance (NMR), mercury injection capillary pressure
(MICP) testing, X-ray computed tomography (X-CT) and other
technologies, fractal theory has been extensively studied (Katz and
Thompson, 1985; Cai and Yu, 2010) and widely used to describe the
complex pore structure parameters (Li, 2010; Yu and Cheng, 2002)
and fluid flow characteristics of reservoirs (Buiting and Clerke,
2013; Wang et al., 2017).

Yu (2008) summarized the fractal theory application parameters
(pore microstructures, tortuosity of flow paths, fractal dimensions,
1003
flow resistances) of fluid flow and transport properties in porous
media. Cai and Yu (2011) has derived the tortuosity of capillaries
based on fractal theory and coupled it with the LeW equation to
obtain a fractal SI model. They discussed the influence of capillary
tortuosity on the spontaneous imbibition in porous media, and the
research showed that the time exponent of spontaneous imbibition
varies between 0.5 and 0.167. Based on this, Cai et al. (2012) derived
a complete analytical expression for the spontaneous imbibition of
wetting fluid in porous media considering gravity. The model
considers contact area, porosity, pore fractal dimension, pore throat
radius, fluid properties (density, viscosity), and provides a reason-
able explanation for the influence of gravity on imbibition and re-
covery efficiency.

Based on the fractal theory, Wang and Zhao (2019) proposed a
characterizing co-current SI of water into oil-saturated tight
sandstone. This model dynamically characterizes the imbibition
rate of pores with different sizes and the inhomogeneity of imbi-
bition front, and analyzes the influence of wettability and interfa-
cial tension on imbibition recovery. Salam and Wang (2022) used
fractal theory to establish an imbibition model considering the
capillary surface roughness of a single tortuosity and fluid viscosity.
The research shows that the increases in surface roughness and
fluid effective viscosity lead to the decrease in imbibition recovery.
Zhu et al. (2022) investigated the influence of non-Newtonian
fluids on the imbibition rule through fractal theory. Their study
shows that when the wetting phase is a non-Newtonian fluid, there
is a nonlinear relationship between the imbibition distance and the
square root of time. Li et al. (2022) found that the use of fractal
theory can greatly simplify the calculation process of tight sand-
stone imbibition when studying the influence of mixed-wet pore
surface on imbibition recovery. The existing SI models based on
fractal theory usually use the single or average pore tortuosity,
ignoring the heterogeneity of capillary tortuosity with different
pore radius, resulting in some discrepancies when fitting with
experimental data of the low-permeability imbibition.

In 1963, Miller and Low (1963) proposed for the first time that
the interaction between adsorbed molecules and solid molecules
led to the existence of a driving condition through a large number
of percolation experiments in low-permeability porous media, and
called this driving condition the threshold pressure gradient (TPG).
Prada and Civan (1999) found that the threshold pressure gradient
of a single-phase fluid is a parameter related to permeability and
fluid viscosity through core displacement experiments, and pro-
posed a non-Darcy flow model that considers the threshold pres-
sure gradient. Based on the fractal theory, Chen et al. (2022)
proposed a non-Darcy seepage model considering the thickness
of the boundary layer, and analyzed the correlation between the
permeability and the threshold pressure gradient in low-
permeability reservoirs. Gao et al. (2021) elucidated the effect of
micro-nano pore threshold pressure on seepage in tight oil reser-
voirs from a molecular perspective. Numerous laboratory and field
experiments (Bauer et al., 2019; Tian et al., 2018; Li et al., 2016) have
shown that there is a threshold pressure gradient in low-
permeability reservoirs, which impedes the fluid flow. The
threshold pressure should not be ignored when studying the flow
of low-permeability and tight reservoirs. But the effect of threshold
pressure gradient on imbibition enhanced recovery in low-
permeability reservoirs, there are few studies available in the cur-
rent literature and imbibition models regarding this aspect.

Based on the basic fractal characteristics of porous media
microstructure, this paper considers the heterogeneity of pore
seepage channels and threshold pressure to derive the imbibition
fractal model. Compared to previous fractal SI models that
considered only single/average capillary tortuosity, the new SI
model provides a more accurate characterization of imbibition in



Fig. 1. Schematic diagram for measuring threshold pressure gradient.
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low-permeability reservoir. Based on the new imbibition model,
the effects of wettability, IFT, oil viscosity and threshold pressure on
imbibition recovery of low-permeability reservoir were analyzed.
The purpose of the article is to provide proper guidance for the
mechanism of imbibition enhanced oil recovery in low-
permeability reservoirs.

2. Experimental

2.1. The threshold pressure gradient measurement

In this paper, the threshold pressure gradients of 5 rock cores
with different permeability values were tested using the pressure
balance method. An empirical formula was fitted to describe the
relationship between threshold pressure and permeability by
experimental results of the threshold pressure gradient. In this
paper, the threshold pressure of the new SImodel will be calculated
based on this empirical formula.

2.1.1. Rock and fluid properties
The parameters of the core samples used are shown in Table 1.

The oil used was a mixture of crude oil from an offshore block in
China and kerosene in a volume ratio of 1:3. The oil had a density of
0.84 g/cm3 and a viscosity of 3.62 mPa s at 25 �C.

2.1.2. Experimental equipment and procedure
In the experiment, a SYS-III multi-stage high temperature and

high pressure displacement system was used to measure the
threshold pressure gradient, and the experimental flow chart is
shown in Fig. 1. The experimental equipment mainly includes an
ISCO high-precision displacement pump with a pressure accuracy
of 0.05 MPa and a flow velocity accuracy of 0.001 mL/min, a high-
pressure core holder, and a high-precision pressure monitoring
system with an accuracy of 0.0001 MPa.

Experimental procedure is as follows:

(1) The core is vacuumed for 24 h to remove residual air. Then,
an experimental simulation oil is injected into the saturation
cell, and the rock core is saturated for 48 h under a saturation
pressure of 20 MPa.

(2) Put the core into the core holder and apply a confining
pressure of 2 MPa to the core. Use the ISCO pump to apply a
pressure of 1 MPa to the intermediate container, and obtain
the flow rate of the fluid inside the core through the flow
meter at the end of the core holder.

(3) When the flow of oil in the core reaches a steady state, keep
the upstream pressure constant, and turn off the switch at
the outlet of the core holder.

(4) Record the downstream pressure every 2 h. Stop the exper-
iment when the downstream pressure is stable and no longer
changes (three consecutive errors are less than 4%). The
difference between the upstream constant pressure and the
stable downstream pressure is the threshold pressure.

(5) Repeat steps (1)e(4) to measure the threshold pressure
gradient of cores with different permeability.
Table 1
Petrophysical properties of core samples.

Core No. Diameter, cm Length, cm Porosity, % Permeability, mD

1 2.52 5.02 10.03 0.26
2 2.53 4.95 10.62 1.14
3 2.53 4.86 11.66 5.25
4 2.51 4.97 13.03 10.12
5 2.49 5.13 18.03 20.62
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2.1.3. Experimental results
According to the experimental data, the relationship between

threshold pressure gradient and permeability is drawn, as shown in
Fig. 2. As the core permeability increases, the threshold pressure
gradient decreases. The empirical formula for the threshold pres-
sure gradient and permeability is established using power function
fitting, as shown in Eq. (1).

PTPG¼ 0:7406K�1:222 (1)

where K is the permeability of the core, mD; PTPG is the threshold
pressure gradient, MPa/m.

2.2. Spontaneous imbibition experiments

The core 4 in the threshold pressure gradient experiment was
selected to carry out the imbibition experiment. The oil used in the
imbibition experiment was the same as that used in the threshold
pressure experiment and use a 0.1% AEO surfactant as the imbibi-
tion solution.

2.2.1. Rock and fluid properties
The parameters of the core sample are shown in Table 1. The IFT

between 0.1% AEO solution and oil was measured at 25 �C and at-
mospheric pressure (0.1 MPa) using a rotating interfacial tension
instrument TX-500C. The wettability of the rock surface was char-
acterized by contact angle. The contact angle of the core 4 was
measured using the data physics equipment from Geno USA.
Fig. 2. Relationship between threshold pressure gradient and permeability.
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The IFT between AEO solution and oil is 2.23 mN/m and the
contact angle of the core is 88�.
2.2.2. Experimental steps
The core saturated with oil was placed in the Amott cell con-

taining a surfactant solution of 0.1% AEO, as shown in Fig. 3. Under
the action of buoyancy, the oil droplets recovered during the
imbibition process will float to the top of the Amott cell, and the
amount of the oil recovered by spontaneous imbibition is obtained
by reading the scale on the top of the Amott cell. The imbibition
recovery of the core was recorded every 6 h.
3. Methodology

3.1. Fractal theory for porous media

The microstructure of pore size distribution can be character-
ized with fractal theory (Yu and Cheng, 2002). The number of pores
with radius greater than r and less than rmax satisfies power-law
relation:

Nðn� rÞ¼
�rmax

r

�Df

(2)

where N(n � r) is the number of pores, dimensionless; r is the pore
radius, mm; n is any pore radius that is larger than r, mm; rmax is the
maximum pore radius, mm; Df is the fractal dimension, and the
range of Df in the two-dimensional space is 0 < Df < 2.

Differentiate Eq. (2) to derive the pore number with the pore
radius varying between r and r þ dr:

�dN¼Df r
Df
maxr

�ðDfþ1Þdr (3)

For the core with the diameter d (mm) and porosity f, the
number of pores with the pore radius varying between r and r þ dr
on the cross-section of the core can be expressed as

�dN ¼
�
2� Df

�
fd2

4ð1� fÞr2�Df
max

r�ðDfþ1Þdr (4)

where �dN > 0 indicates that the number of pores decreases with
the increase in radius. Df can be calculated by Eq. (5):
Fig. 3. Schematic diagram of SI experiment with an Amott cell.
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Df ¼ dE �
lnf

lnðrmin=rmaxÞ (5)

where dE is the space size of the Euclidean geometry. In the two-
dimensional space, dE ¼ 2; 1 < Df < 2; rmin is the minimum pore
radius, mm; f is the porosity.

Interconnecting pore-throats are like curved capillaries and are
usually quantified by the tortuosity in the reservoir. Cai and Yu
(2011) argued that the diameter of capillaries is analogous to the
length scale (l), and they developed the fractal scaling relationship
between the actual distance and the diameter of capillaries in
porous media, as shown in Eq. (6):

Lf ðlÞ¼ LDT
s l1�DT (6)

where Lf is the actual channel of the tortuous capillary, mm; Ls is the
characteristic length of the tortuous capillary, which is also the
straight-line imbibition distance, mm; l is the pore diameter, mm; DT
is the fractal dimension of tortuosity.

The fractal dimension DT of a curved capillary in porous media
can be expressed as

DT ¼ 1þ lntav
lnðLs=lavÞ (7)

where tav is the average tortuosity of the curved capillary; lav is the
average pore diameter, mm.

Yu and Li (2004) derived a simple geometry model for tortuosity
of flow paths in porous media based on the two configurations, as
shown in Eq. (8):

tav ¼ 1
2

2
6666664
1þ 1

2

ffiffiffiffiffiffiffiffiffiffiffiffi
1� f

p
þ

ffiffiffiffiffiffiffiffiffiffiffiffi
1� f

p
ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi 

1ffiffiffiffiffiffiffiffi
1�f

p � 1

!2

þ 1
4

vuut
1�

ffiffiffiffiffiffiffiffiffiffiffiffi
1� f

p
3
7777775

(8)

Xu and Yu (2008) deduced the geometric models of Ls, as shown
in Eq. (9):

Ls ¼ lmax

lmin

Df � 1ffiffiffiffiffiffi
Df

p
ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi

p
2� Df

1� f

4f

s
lav (9)

where lmax is the maximum pore diameter, mm; lmin is the mini-
mum pore diameter, mm;

By substituting Eqs. (7) and (9) into Eq. (6) the actual channel of
the tortuous capillary can be calculated.
3.2. SI model considering heterogeneity of pore seepage channels

The research object is oil and water in the capillary tube. Ac-
cording to the Newton second theory, the location of the interface
between water and oil during the co-current SI process in a capil-
lary tube can be calculated as follows (Wu et al., 2021):

xðr; tÞ ¼
�moLf þ

ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi�
moLf

�2 þ ðmw � moÞðsrtcosqÞ
�

2

s

mw � mo
(10)

where x(r, t) is the imbibition interface location; r is the capillary
tube radius, mm; mo is the oil viscosity, mPa s; mw is the water vis-
cosity, mPa s; s is the IFT between oil and water, mN/m; t is the
imbibition time, s; q is the contact angle, degree.
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By substituting Eq. (6) into Eq. (10), the oilewater interface in
capillaries with different pore throat radius at different times
during the imbibition process can be obtained
xðr; tÞ ¼
�moL

DT
s ð2rÞ1�DT þ

ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi�
moL

DT
s ð2rÞ1�DT

�2 þ ðmw � moÞðsrtcosqÞ
�

2

s

mw � mo
(11)
The oil production by the imbibition at time t can be calculated
by

QðtÞ ¼ �
ðrmax

rmin

pr2xðr; tÞdN ¼
p
�
2� Df

�
fd2

4ð1� fÞr2�Df
max

ðrmax

rmin

r1�Df xðr; tÞdr

(12)

The connate water is distributed in the pores of the low-
permeability reservoir. According to assumptions of Wang and
Zhao (2019) the thickness ratio of the immovable boundary-layer
to the capillary tube radius is the same for every capillary tube.
The effective radius for the imbibition flow is reduced to
xðre; tÞ ¼

8>>>><
>>>>:

�moð2reÞ1�DTð1� SwÞ
DT�1

2 LDT
s þ

ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
mo

2ð2reÞ2�2DTð1� SwÞDT�1L2DT
s þ ðmw � moÞ

s,re,cosq,t
2

r
mw � mo

t < tEðreÞ

21�DTLsDTr2�Df�DT
e t � tEðreÞ

(15)
re ¼ r � hw ¼ r
ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
1� Sw

p
(13)

where re is the effective flow radius, mm; hw is the thickness of
Q1ðtÞ¼
p
�
2�Df

�
fd2

4ð1�fÞr2�Df
max

ð1�SwÞ
Df
2 �

ðrt
ffiffiffiffiffiffiffiffiffi
1�Sw

p

rmin

ffiffiffiffiffiffiffiffiffi
1�Sw

p
re1�Df

0
BB@�moð2reÞ1�DTð1�SwÞ

DT�1
2 LDT

s
mw�mo

þ
ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
mo

2ð2reÞ2�2DTð1�SwÞDT�1L2DT
s þðmw�moÞs,re,cosq,t2

q
mw�mo

1
CCAdre

(16)
connate water, mm; Sw is the irreducible water saturation.
Submitting Eq. (13) into Eq. (12), the oil production by the

imbibition with immovable connate water can be expressed as
1006
QðtÞ ¼
p
�
2� Df

�
fd2

4ð1� fÞr2�Df
max

ð1� SwÞ
Df
2

ðrmax

ffiffiffiffiffiffiffiffiffi
1�Sw

p

rmin

ffiffiffiffiffiffiffiffiffi
1�Sw

p
ðreÞ1�Df xðre; tÞdre

(14)

Due to the consideration of heterogeneity of pore seepage
channels, the seepage length and flow resistance of the capillary in
different pores are different. Therefore, the end time of imbibition
of the capillary with different pores is different. During the process
of imbibition, at time t, the imbibition can be divided into two
situations at different pore radii of capillary: (1) imbibition has
been completed and (2) still in the imbibition stage.

When calculating the total oil production, Eq. (11) for imbibition
time t will be changed to a piecewise function:
where tE(r) is the imbibition ending time of different radii, s.
Submitting Eq. (15) into Eq. (14), we can get the oil production

by the imbibition. When the t < tE(re), Eq. (16) is used to calculate
the oil production Q1(t).
When t � tE(re), Eq. (17) is used to calculate the oil production
Q2(t).
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Fig. 4. Flowchart for the new SI model proposed in this paper.
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Q2ðtÞ ¼
p
�
2� Df

�
fd2

4ð1� fÞr2�Df
max

ð1� SwÞ
DfþDT�1

2

ðrmax

ffiffiffiffiffiffiffiffiffi
1�Sw

p

rt
ffiffiffiffiffiffiffiffiffi
1�Sw

p
21�DTLDT

s r2�Df�DT
e dr

(17)

At any time t, the total oil production by imbibition is
Q1(t) þ Q2(t), as shown in Eq. (18):

QðtÞ¼Q1ðtÞ þ Q2ðtÞ (18)

where rt represents the pore radius that has completed imbibition
at time t, mm.

The imbibition end times of seepage channels with different
pore radii are different. In recovery calculations using Eqs. (16) and
(17), the pore radius rt changes with time. Therefore, when calcu-
lating the imbibition recovery at a specific time, it is necessary to
first determine the pore radius that has completed imbibition at
that time. When the location of imbibition interface reaches the
end of the capillary tube, the SI is over. The imbibition ending time
tE(r) can be determined by submitting x(r, t) ¼ Lf into Eq. (10):

tEðrÞ ¼
2ðmo þ mwÞL2f

srcosq
(19)

Submitting Eqs. (6) and (13) into Eq. (19), the ending imbibition
time of capillary with different pore radius, considering the connate
water can be obtained

tEðreÞ ¼
23�2DTðmo þ mwÞð1� SwÞDT�1L2DT

s r1�2DT
e

srecosq
(20)

According to Eqs. (13) and (20), the capillary pore radius (rt) that
completes imbibition at time t can be deduced

rt ¼
 
23�2DT ðmo þ mwÞð1� SwÞ�DTL2DT

s
scosq,t

!
1

2DT�1 � 1ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
1� Sw

p (21)

Submitting the calculation result of Eq. (21) into Eqs. (16) and
(17), the imbibition oil production can be calculated.

The oil recovery factor at time t can be calculated by

RðtÞ ¼ 4QðtÞ
pd2hfð1� SwÞ

� 100% (22)

where d is the core diameter, cm; h is the core length, cm; R(t) is the
oil recovery factor, %.

Based on fractal theory and capillary bundle model, a SI model
considering heterogeneity of pore seepage channels was
constructed.
3.3. SI model considering the threshold pressure

In low-permeability reservoirs, the threshold pressure of the
fluid is the resistance. Therefore, when the pressure of the capillary
bundles (Pnc) is higher than the threshold pressure (PTP), the wet-
ting phase can drive the oil in the pore.

Based on the number of pores with different pore radii calcu-
lated by fractal theory (Eq. (4)) and the capillary force of pore radius
(Eq. (23)), the driving force of capillary bundles with different pore
radii is obtained, as shown in Eq. (24):

Pc ¼ 2scosq
r

(23)
1007
Pnc ¼ PcdN ¼
�
2� Df

�
fd2

2ð1� fÞr2�Df
max

r�ðDfþ2Þscosqdr (24)

where Pc is the capillary force, kPa; Pnc is the pressure of the
capillary bundles, kPa.

The threshold pressure is calculated based on the empirical
equation (Eq. (1)):

PTP ¼ PTPGh¼ 0:7406K�1:222h=100 (25)

where PTP is the threshold pressure, MPa.
When Pnc > PTP, the oil within the pore radius r is displaced

under the capillary driving force. When Pnc < PTP, the capillary force
cannot displace the oil in the pore radius r.

Pnc > PTP :

0
@
�
2� Df

�
fd2

2ð1� fÞr2�Df
max

� s,cosq,dr,100,K1:222

0:7406,h

1
A

�Df�2

> r

(26)

Using numerical methods to solve Eq. (26), we can obtain the
upper limit of the pore radius of capillary bundle that overcomes
the threshold pressure.



Table 2
Properties of core samples and fluids from the literature used for model validation.

Core No. d, cm L, cm f, % k, mD rmax, mm rmin, mm ravg, mm q, degree IFT, mN/m mw, mPa s mo, mPa s Reference

L1 2.46 2.53 6.52 0.0054 0.0982 0.001 0.00864 86.0 18.96 1.00 2.21 Wu et al., 2017
L2 2.53 5.04 12.25 0.47 0.429 0.001 0.078 48.7 9.78 2.47 7.97 Cheng et al., 2018
L3 2.49 6.19 10.85 1.38 2.733 0.001 0.481 65.7 1.21 1.00 2.90 Wang et al., 2022
L4 2.51 5.00 12.31 1.25 2.249 0.001 0.342 45.0 0.15 1.00 1.34 You et al., 2018
L5 3.8 7.45 28.23 14.43 8.617 0.0015 1.165 78.0 6.71 1.00 3.90 Gupta and Mohanty, 2010
L6 3.83 7.18 13.64 56.81 12.858 0.0015 3.474 68.6 0.12 0.39 3.60 Souayeh et al., 2021

Fig. 5. Oil recovery factor versus time from the SI experiments in the literature and previous SI without considering the heterogeneity of pore channels. (a) Core permeability of
0.0054e1.38 mD; (b) Core permeability of 14.43 and 56.81 mD.
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As shown in Fig. 4, a computer code was developed to calculate
the imbibition recovery. Firstly, the pore radius range of imbibition
is determined according to the threshold pressure. Then the
calculation of imbibition recovery at different times based on
imbibition formula derived from the fractal theory and the capillary
tube model.

4. Results and discussion

4.1. Validation of the previous SI model constructed based on
average tortuosity

There are many studies of SI (Wu et al., 2017; Cheng et al., 2018;
Wang et al., 2022; You et al., 2018; Gupta and Mohanty, 2010;
Souayeh et al., 2021) and the SI experimental method and steps
used in the literature are nearly identical to the imbibition exper-
iment in this paper. The parameters of core samples and fluids used
in the literature are listed in Table 2.

Eq. (27) can be used to calculate the length Lf of the average
tortuosity seepage capillary channel. Replacing Eq. (6) with Eq. (27)
and submitting it to the SI model, we can obtain the SI model
proposed by previous researchers that does not consider the het-
erogeneity of pore seepage channels.

Lf ¼ tavLs (27)
Fig. 6. Relationship between physical properties of pore seepage channels and pore
scale.
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According to the parameters of the cores and the imbibition
fluids provided in the literature, the imbibition process of the cores
in Table 2 was simulated using the previous SI model that didn't
consider heterogeneity of pore seepage channels, and compared
with the experimental data, as shown in Fig. 5.

When the core permeability ranges from 0.0054 to 1.38 mD, the
previous SI model relatively accurately characterizes the SI process
of core experiments, as shown in Fig. 5(a). The range of determi-
nation coefficient is 0.903e0.967. When the core permeability
reaches 14.4 mD, the prediction of core imbibition process by the
previous SI model appears obvious deviation, and the determina-
tion coefficient is 0.765, as shown in Fig. 5(b). When the core
permeability reaches 56.81 mD, the previous SI model cannot
correctly simulate the imbibition recovery, the determination co-
efficient is 0.344, as shown in Fig. 5(b).

The determination coefficient shows that for the previous SI
model, the determination coefficient gradually decreases with the
increase in the core permeability. Therefore, the previous SI model
constructed by single/average capillary tortuosity is no longer
applicable for the prediction of imbibition recovery in low
permeability reservoirs (permeability 10e50 mD).

As shown in Eq. (6), the calculation formula of the capillary
channels shows that the pore radius has a power function rela-
tionship with the capillary length. Therefore, the differences in the
capillary seepage channels of different pore sizes, such as their
length and tortuosity, can significantly affect the contribution to SI
recovery, as shown in Fig. 6. In this paper, it is considered that
ignoring heterogeneity of pore seepage channels is one of the
reasons why previous SI model cannot accurately predict imbibi-
tion recovery in low-permeability reservoirs.

Base on the fractal theory and the capillary force formula, as
shown in Eq. (24), increasing the pore radius will greatly reduce the
capillary force and lead to a decrease in the pore number at the
same time. Therefore, in some large pores, when the capillary force
is less than the threshold pressure, the oil inside cannot be recov-
ered. In this paper, it is believed that the influence of threshold



Fig. 7. Comparison of the imbibition profiles of SI recovery versus time between previous model and new model in the cores with permeability of 0.0054 mD (a) and 0.47 mD (b).

Fig. 8. Comparison of the imbibition profiles of SI recovery versus time between previous model and new model in the cores with permeability of 1.38 mD (a) and 1.25 mD (b).

Fig. 9. Comparison of the imbibition profiles of SI recovery versus time between previous model and new model in the cores with permeability of 14.43 mD (a) and 56.81 mD (b).
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pressure on oil production in pores is not considered, which is the
second reasonwhy the previous SI model cannot accurately predict
imbibition recovery.
4.2. Influence of heterogeneity of pore seepage channels on SI
model

According to the new SI model considering heterogeneity of
pore seepage channels constructed in this paper, and based on the
SI experimental data in the literature, the accuracy of the new SI
1009
model in simulating the SI process of cores with different physical
properties was studied. In addition, the simulation results of SI
models with and without considering the heterogeneity of pore
seepage channels were compared and analyzed.

As shown in Fig. 7, the core permeability is 0.0054 and 0.47 mD,
respectively. The determination coefficients of the previous SI
model without considering the heterogeneity of pore seepage
channels are 0.967 and 0.958, respectively. For the new SI model
considering the heterogeneity of pore seepage channels, the
determination coefficients of the new SI model are increased by



Fig. 10. Comparison of the calculation results of oil recovery in different pores at different SI stages between previous model and new model, in the core with permeability of 0.47
mD. (a) Oil recovery at different imbibition stages. Oil recovery in different pores in rapid stage (b), transitional stage (c), and slow stage (d).
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1.01 and 1.02 times, respectively. Research has shown that although
bothmodels can fit the experimental data well, the newmodel that
considers heterogeneity of pore seepage channels performed bet-
ter, especially in the early stages of imbibition.

As shown in Fig. 8, the core permeability is 1.38 and 1.25 mD,
respectively. The determination coefficients of the previous SI
model without considering the heterogeneity of pore seepage
channels are 0.903 and 0.921. After considering the heterogeneity
of pore seepage channels, the determination coefficients increased
Fig. 11. Oil recovery in pores of different radii (0.001e0.429 mm) during SI.
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to 0.968 and 0.964, respectively.
The results indicate that when the core permeability increases

from 0.0054 to 1.38 mD, the determination coefficient of previous
imbibition model decreases up to 6.61%. However, the increase in
core permeability had little effect on the prediction accuracy of the
new SI model. In addition, the newmodel improved the coefficient
determination of the previous model by 1.07 times.

As shown in Fig. 9, the core permeability is 14.43 and 56.81 mD,
respectively. The determination coefficients of the previous SI
model are poor, only 0.765 and 0.343. The determination co-
efficients of the new SImodel considering the heterogeneity of pore
seepage channels are 0.902 and 0.885, respectively.

The new SI model improves the determination coefficient of the
previous imbibition model by 1.18 and 2.58 times, respectively. This
shows that after considering the heterogeneity of pore seepage
channels, it effectively addresses the problems encountered in the
previous SI model.

In order to further clarify the influence of heterogeneity of pore
seepage channels on imbibition recovery, based on SI models with
and without considering heterogeneity of pore seepage channels,
for core L2 and core L5, the contribution of different pores at
different imbibition stages to recovery was studied.

According to previous research results, the process of imbibition
enhanced oil recovery (I-EOR) can be divided into three stages:
rapid stage, transitional stage, and slow stage. And according to the
size of the pore radius, they divided the reservoir pore radius into
four categories (Lu et al., 2018): micropores (0.001e0.01 mm),
transitional pores (0.01e0.1 mm), mesopores (0.1e1 mm), and



Fig. 12. Comparison of the imbibition profiles of new model and previous model for core permeability of 14.43 mD. (a) Oil recovery at different imbibition stages. Oil recovery in
different pores in rapid stage (b), transitional stage (c), and slow stage (d).

Fig. 13. Oil recovery in pores of different radii (0.0015e8.617 mm) during SI.
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macropores (>1 mm).
The previous and new models were used to calculate the oil

production of core L2 in different SI stages and different pores, as
shown in Fig. 10. In the rapid imbibition stage, as shown in
Fig. 10(a), the previous imbibition model (without considering
heterogeneity of pore seepage channels) overestimated the capil-
lary volume of the mesopores (0.1e0.429 mm), resulting in a 1.38%
increase in the contribution of the mesopores to imbibition re-
covery. In the transitional and slow stages of imbibition, as shown
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in Fig. 10(c) and (d), if the heterogeneity of pore seepage channels is
neglected, the calculated contributions of transitional pores
(0.01e0.1 mm) and micropores (0.001e0.01 mm) to imbibition re-
covery are reduced by 3.58% and 2.21%, respectively.

For cores with permeability of 0.0054e1.38 mD, studies have
proved that if the heterogeneity of pore seepage channels is
ignored, this will overestimate oil recovery in mesopores and un-
derestimate oil recovery in transitional pores and micropores,
which is the reason for the low determination coefficient of pre-
vious SI model, as shown in Fig. 11.

The calculation results of the previous and new models for the
recovery of oil in different pores at different stages of core L5
(permeability 14.43 mD) were compared, as shown in Fig. 12. In the
rapid stage of imbibition, the macropores (1e8.617 mm) and tran-
sitional pores (0.01e0.1 mm) calculated by the two models have
almost equal contributions to the imbibition recovery. But for
transitional pores (0.01e0.1 mm), if the heterogeneity of pore
seepage channels is not considered, the contribution to the recov-
ery will be reduced by 2.91%.

In the transitional and slow stages of imbibition, if the hetero-
geneity of pore seepage channels is ignored, the calculated con-
tributions of mesopores (0.1e1 mm) and transitional pores
(0.01e0.1 mm) to imbibition recovery are reduced by 1.85% and
6.24%, respectively, as shown in Fig. 12(c) and (d).

If the heterogeneity of pore seepage channels is neglected, the
calculation of oil recovery in pores 0.01e0.1 mm and 0.1e1 mm will
deviate, resulting in the reduction of oil recovery in transitional
pores and mesopores by 7.54% and 4.26%, respectively, as shown in



Fig. 15. Comparison of the determination coefficient of SI model with and without
considering the threshold pressure for different permeability cores.

Fig. 16. Influence of threshold pressure on pore of oil production.
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Fig. 13. The research results indicate that for low-permeability
reservoirs, the production of oil in transitional pores and meso-
pores plays a crucial role in the late stage of imbibition, as shown in
Fig. 12(c) and (d). Therefore, it is necessary to consider the het-
erogeneity of pore seepage channels in low-permeability
reservoirs.

The research results show that for tight reservoirs (0e1 mD) the
SI model constructed using single/average capillary tortuosity can
characterize the imbibition process. This is why, the imbibition
fractal models developed by Li et al. (2022), Wang and Zhao (2019),
and Salam and Wang (2022) for tight or shale oil reservoirs,
although they did not consider heterogeneity of pore seepage
channels, still have a very high coefficient of determination.

The heterogeneity of the core is predominantly based on the
range and concentration of pore radius sizes within the core. First,
the standard deviation (s2) of the pore radius is calculated, as
shown in Eq. (28). According to the research, when s2≪ 0:1, the
pore radius is concentrated; when 0:1< s2 <5, the pore radius is
different; when s2 >5, the pore radius sizes exhibit significant
heterogeneity. The discreteness of pore distribution was evaluated
based on fractal dimension (Df), as shown in Eq. (5). Research shows
that when Df < 1.5, the pore distribution is uniform, and when
Df > 1.5, the pore distribution is discrete.

s2 ¼

Pm
i¼1

ðri � ravÞ2

m�1
(28)

where s2 is the standard deviation; m is the number of different
pore radii; ri is the pore radius, mm; rav is the average pore radius,
mm.

Therefore, when the s2 > 5 and Df > 1.5, the core is considered to
exhibit heterogeneity. The heterogeneity of pore seepage channels
must be considered in the process of calculating imbibition re-
covery. The new SI model considering the heterogeneity of pore
seepage channels proposed in this paper improves the predictive
accuracy of the imbibition process for low-permeability reservoirs
by 2.58 times.
4.3. Influence of the threshold pressure on SI model

After considering the heterogeneity of pore seepage channels,
although the determination coefficient of the core with
Fig. 14. Comparison of the imbibition profiles of SI recovery versus time with and
without considering the threshold pressure, with core permeability of 10.12 mD.
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permeability of 14.43 and 56.81 mD can be effectively increased by
1.18 and 2.58 times, respectively. The determination coefficients are
0.902 and 0.885, indicating that the characterization of the SI
process is not accurate enough.

Only when the capillary force in the pores is higher than the
threshold pressure the oil in the pores will be driven out. Therefore,
in low-permeability reservoirs, the threshold pressure cannot be
ignored. In this paper, on the basis of the SI model considering the
heterogeneity of pore seepage channels, the influence of threshold
pressure on SI model is added.

Based on the threshold pressure experiment, further imbibition
experiment was conducted on core 4. The prediction accuracy of
the SI model with and without considering the threshold pressure
was compared, as shown in Fig. 14. The determination coefficient of
the SI model considering heterogeneity of pore seepage channels is
0.906. On this basis, after considering the threshold pressure, the
determination coefficient increases to 0.950, which is 1.05 times
higher.

The viscosity of the oil used in cores L1, L4, L5 and L6 in the
literature is 2.21, 2.90, 3.90 and 3.60 mPa s, respectively, which are
similar to the viscosity of the experimental oil in the paper.
Therefore, it is considered that the threshold pressure of these
cores conforms to Eq. (1). The threshold pressure of these cores is
calculated based on Eq. (1), and then apply to the new SI model,
that considers threshold pressure and heterogeneity of pore
seepage channels.



Fig. 17. Comparison of the SI model with and without considering the threshold pressure for cores L5 (a) and L6 (b).

Fig. 19. Imbibition recovery rates for the cases with different IFT.
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Based on the SI model considering the heterogeneity of pore
seepage channels, the influence of the threshold pressure on the
determination coefficient of the SI model is further studied, as
shown Fig. 15. When the permeability is less than 1.38 mD, the
threshold pressure has no effect on the determination coefficient of
the SI model. However, when the core permeability is higher than
10 mD, the determination coefficient of the SI model without
considering the threshold pressure gradually decreases, and the
minimum decreases to 0.885. For the new SI model considering the
threshold pressure, the determination coefficient remains above
0.922.

As the pore radius increases, the capillary force and the pore
number decrease, so that the imbibition force provided by the
capillary bundle decreases. For these two reasons, in some large
pores, the capillary force is smaller than the threshold pressure,
causing the oil inside to be unrecoverable. Therefore, for low-
permeability reservoirs, the effect of threshold pressure on imbi-
bition recovery should be considered.

The effect of threshold pressure on oil recovery in pores of
different scales was further studied, as shown in Fig. 16. For core L2,
the threshold pressure has no effect on the production of oil in the
pores. However, for core 4, the threshold pressure prevents the
production of oil in pores of a diameter of 4.025e4.29 mm, and for
core L5, oil in pores of a diameter of 8.183e8.617 mm cannot be
produced. The effect of the threshold pressure on the mobilization
of oil within the pores of core L6 is the most significant, and the oil
in the pores of a diameter of 11.671e12.858 mmcannot be produced.

For core L5, after considering the threshold pressure, the
determination coefficient is improved from 0.902 to 0.926, and its
Fig. 18. Imbibition recovery factors for the cases with different IFT.
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accuracy is increased by 1.03 times, as shown in Fig. 17(a). For core
L6, after considering the threshold pressure, the determination
coefficient is improved from 0.885 to 0.922, by 1.04 times, as shown
in Fig. 17(b).

Taking core L6 as an example, after considering the heteroge-
neity of pore seepage channels, the determination coefficient in-
creases from 0.344 to 0.885, increasing 2.58 times, and after
considering the threshold pressure on the basis, the determination
(a) SI process of different IFT; (b) Effect of IFT on SI recovery.



Fig. 20. Imbibition recovery factors for the cases with different wettability. (a) SI process of different contact angle values; (b) Effect of contact angle on SI recovery.

M.-S. Zuo, H. Chen, X.-L. Liu et al. Petroleum Science 21 (2024) 1002e1017
coefficient increases from 0.885 to 0.922, increasing 1.04 times, as
shown in Fig. 17(b). For cores 4 and L5, there are similar results to
core L6, as shown in Figs. 14 and 17(a).

The research shows that heterogeneity of pore seepage channels
and threshold pressure affect the imbibition recovery of cores with
permeability of 10e56.81 mD. Therefore, the new SI model
considering heterogeneity of pore seepage channels and threshold
pressure is more accurate in the characterization of imbibition in
low-permeability reservoirs, increasing 5.68 times.
4.4. Sensitivity analysis

4.4.1. Effect of IFT on imbibition recovery
As shown in Fig. 18, as the IFT decreases from 1 to 30 mN/m, the

imbibition recovery increases from 22.6% to 35.1%. This is because
the capillary force is the driving force of imbibition, and as the IFT
decreases, the driving force gradually decreases, making it difficult
to produce oil in some pores.

As shown in Fig. 18(a), when the IFT increases from 15 to 30mN/
m, the imbibition recovery only increases by 2.51%, and taking IFT
as the variable, the derivative of recovery factor change is 0.209.
Therefore, 15 mN/m is referred to as the critical value of imbibition
IFT.

When the IFT is higher than the critical value (15 mN/m),
increasing the IFT has little effect on imbibition recovery. However,
when the IFT is higher than the critical value, it can significantly
increase the recovery rate in the early stage of imbibition, as shown
in Fig. 19.
Fig. 21. Imbibition recovery factors for the cases with different oilewater viscosity
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4.4.2. Effect of wettability on imbibition recovery
As shown in Fig. 20(a), as the contact angle decreases from 88�

to 30�, the imbibition recovery increases from 25.5% to 37.3%.
Changing the wettability of the reservoir can effectively improve
the imbibition recovery, as demonstrated by the experimental re-
sults (Sun et al., 2021; Liu et al., 2019). When the contact angle
decreases from 60� to 30�, the imbibition recovery increases only
by 1.98%, and taking contact angle as the variable, the derivative of
recovery factor change is 0.131. This indicates that when the contact
angle is less than 60�, the effect of continuously reducing the
contact angle on improving imbibition recovery is not obvious.
Therefore, there is a critical value of 60� for contact angle to in-
crease the imbibition recovery.

Most reservoirs are oil-wet or mixed-wet, so surfactants are
added to the imbibition fluid to change reservoir wettability. While
improving wettability, surfactants also reduce IFT between oil and
water (Liu and Sheng, 2019). The results of this study indicate that
the optimal surfactant for imbibition in low-permeability reser-
voirs can be selected by maintaining the IFT and contact angle
above the critical value. The critical values of IFT and contact angle
obtained from research effectively expand the range of surfactant
selection for SI-EOR.
4.4.3. Effect of oilewater viscosity ratio on imbibition recovery
In the imbibition model, the viscosity of the water phase is kept

constant (1 mPa s) and the viscosity of the oil was increased from
1.5 to 30 mPa s. Therefore, in the SI model, the oilewater viscosity
ratio (mo/mw) can be adjusted from 1.5 to 30. The imbibition re-
covery under different oilewater ratios were calculated using the
ratios. (a) SI process of different viscosity; (b) Effect of viscosity on SI recovery.



Fig. 22. Imbibition recovery factors for the cases with different permeability. (a) SI process of different permeability; (b) Effect of permeability on SI recovery.

Fig. 23. Imbibition recovery factors for the cases with threshold pressure gradients. (a) SI process of different threshold pressure gradients; (b) Effect of threshold pressure gradient
on SI recovery.
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new SI model.
When the oilewater viscosity ratio decreases from 30 to 1.5, the

imbibition recovery increases from 16.8% to 28.4%, as shown in
Fig. 21(a). As the oilewater viscosity ratio decreases, the imbibition
recoverywill continue to increase, as shown in Fig. 21(b). Therefore,
the optimal oilewater viscosity is 1.5. As the viscosity of the oil
increases, the viscous force of the oil gradually increases, resulting
in an increase in imbibition resistance, which causes a decrease in
the imbibition recovery. Reducing oil viscosity by adding viscosity
reducer can effectively improve imbibition recovery.
4.4.4. Effect of permeability on imbibition recovery
The imbibition recovery of cores with permeability ranging from

0.01 to 15 mD was calculated using the new SI model proposed in
this paper. As the permeability increases from 0.01 to 15 mD, the
imbibition recovery increases from 3.63% to 31.5%, as shown in
Fig. 22.

With the increase in permeability, the pore connectivity in-
creases and the seepage resistance inside the core decreases. So, the
imbibition recovery gradually increases with the increase in core
permeability (Yang et al., 2023). The recovery factor change rate is
proportional to the core permeability. When the core permeability
is higher than 10 mD, the recovery increases linearly with the in-
crease in permeability.
4.4.5. Effect of the threshold pressure on imbibition recovery
According to the empirical formula obtained from the threshold

pressure gradient experiment in this paper, the influence of
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threshold pressure on imbibition recovery was studied using the
new SI model.

The imbibition recovery of cores with different threshold pres-
sure gradients (0.01e62.5 MPa/m) was calculated, as shown in
Fig. 23. When the threshold pressure gradient is 0.01 MPa/m, the
imbibition recovery is 27.8%, and when the threshold pressure
gradient is 62.5 MPa/m, imbibition recovery is 4.81%. This is
because as the threshold pressure increases, some of the oil in the
pores cannot be displaced under capillary forces.

The relationship between SI recovery and threshold pressure
gradient is a power function, as shown in Fig. 23(b). When the
threshold pressure gradient increases from 0.01 to 10 MPa/m, the
imbibition recovery will decrease rapidly. When the threshold
pressure gradient is higher than 10 MPa/m, the imbibition recovery
decreases slowly. At the same time, due to the increase in seepage
resistance, the recovery rate in the early stage of imbibition de-
creases. The research results further show that for low-
permeability reservoirs, the effect of threshold pressure on imbi-
bition recovery must be considered.
5. Conclusions

Based on the capillary model and fractal theory, this paper
proposes a new SI mathematical model considering the heteroge-
neity of pore channels and the threshold pressure for low-
permeability reservoirs. The new model was validated by imbibi-
tion experimental data. Comparing the new proposed model with
the previous models, it is proved that the new model has higher
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reliability in predicting the imbibition process of low-permeability
reservoirs. The sensitivity analysis evaluated the impact of IFT,
contact angle, and oilewater viscosity ratio on SI recovery. The
following conclusions can be drawn from this study:

(1) The previous SI model based on the single/average capillary
tortuosity can accurately predict the imbibition recovery of
cores with permeability from 0.0054 to 1.38 mD, and its
determination coefficient is 0.967e0.903. However, the
imbibition simulation of cores with permeability from 10.12
to 56.8 mD is only 0.765e0.344. Ignoring the heterogeneity
of pore seepage channels, the previous SI model un-
derestimates the contribution of transitional pores and
mesopores to SI recovery, reducing 7.54% and 4.26%,
respectively.

(2) For cores with permeability from 0.0054 to 1.38 mD, the new
SI model considering heterogeneity of pore seepage channels
can effectively increase the determination coefficient by 1.07
times. For cores with permeability from 10.12 to 56.82 mD,
the new model can greatly increase the coefficient of deter-
mination by 1.05e2.58 times. And on this basis, considering
the threshold pressure, the coefficient of determination can
be further increased by 1.05 times. Heterogeneity of pore
seepage channels and threshold pressure affect imbibition
recovery in low-permeability reservoirs.

(3) Increasing IFT, decreasing contact angle and viscosity ratio
can effectively improve the recovery of imbibition in low-
permeability reservoirs. There are critical values for the
three influencing factors: IFT is 15 mN/m, contact angle is
60�, and oilewater viscosity ratio is 1.5. The existence of
critical points provides new theoretical support for the
optimal selection of surfactants.
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