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a b s t r a c t

Understanding the evaporative loss of shale oil is critical for the shale oil resources assessment. How-
ever, previous studies have largely neglected the rapid evaporative loss of shale oil that occurs imme-
diately after drill cores are retrieved to the surface at the well site. Thus, the factors influencing the 
evaporative loss of shale oil during thermal evolution remain inadequately explored. In this study, 
closed-system pyrolysis experiments were carried out to the artificially mature Qingshankou Formation 
shales. Subsequently, low-field nuclear magnetic resonance (LF-NMR) techniques were utilized to 
monitor the variations in oil content of the shales under different exposure times. Our experimental 
approach successfully reconstructed the entire evaporative loss process of shale oil, spanning from its 
original subsurface location to the well site, from the well site to the laboratory, and ultimately to long-
term core storage. We find that the maximum loss of shale oil reaches approximately 10% within the 
first 10 h following the retrieval of drill cores from the subsurface to the ground, followed by a gradual 
deceleration, and the maximum loss ranges from 11% to 89%. As thermal maturity increases to a range of 
R o = 0.89%–1.20%, the loss proportion of shale oil shows a decreasing trend, which can be attributed to 
the reduction in total organic carbon (TOC) content. It is worth mentioning that the loss proportion of 
shale oil exhibits a continuous increasing trend at the thermal range of 1.20%–1.75%. At this stage, the 
hydrocarbon composition (C 6 –C 14 /C 15+ ratio) may be the mainly controlling factors for the shale oil loss 
proportion, while TOC content and nanopore volume serve as secondary factors. Our analyses reveal 
that hydrocarbon evaporative loss of shale oil is complex and involves various factors, especially the first 
10 h during the transfer of the shale from its in-situ reservoir to the surface at the well site, which is 
critical to the understanding of shale oil occurrence and accurate resource assessment.
© 2025 The Authors. Publishing services by Elsevier B.V. on behalf of KeAi Communications Co. Ltd. This 

is an open access article under the CC BY license (http://creativecommons.org/licenses/by/4.0/).

1. Introduction

Shale oil is an important global energy resource (Hughes, 2013; 
Hopkins, 2017; Hong et al., 2025). However, inaccurate estimates 
of the initial total content of shale oil can lead to erroneous as-
sessments of shale oil resources (Abrams et al., 2017; Wang et al., 
2022). Especially, the evaporative hydrocarbon loss of shale oil is 
often ignored during the evaluation of the total oil content of shale

(Jarvie, 2012; Michael et al., 2013; Jiang et al., 2016; Hu et al., 2021; 
Wang et al., 2022).

Previous studies have investigated evaporative loss of shale oil 
from the well site to the laboratory or during the storage of core 
samples at ambient conditions in different regions (Song et al., 
2013; Zhu et al., 2015; Jiang et al., 2016; Chen et al., 2017, 2018; 
Sun, 2020; Zhao et al., 2023). While the previous studies have 
generally overlooked the evaporative loss of hydrocarbons during 
drilling and core recovery to the surface at the well site, there 
might be an enormous loss of hydrocarbons caused by changes in 
temperature and pressure during this process (Jarvie, 2012).

The studies from the well site to the laboratory or during the 
storage of core samples have been carried out in different basins,
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For example, in the Bohai Bay Basin in China, the shale oil loss in 
the Paleogene Shahejie Formation varies in different depressions, 
with reported losses of 9%–52% of the storage of core samples at 
ambient conditions in the Jiyang Depression (Song et al., 2013; 
Chen et al., 2017). The Dongying Depression contains shale with 
total organic carbon (TOC) contents ranging from 1.4 wt% to 
8.7 wt% (mostly 2.0–4.0 wt%; with an average of 3.1 wt%) that 
underwent shale oil loss of 5.23%–25.65% after 30 days of storage 
under ambient conditions (Zhu et al., 2015). The Damintun Sag 
contains shale with TOC contents of 0.47–14.0 wt% 
(mean = 6.45 wt%) that exhibited shale oil maximum loss pro-
portion of 37.5%–47.4% (Chen et al., 2017). Shale samples from 

other basins exhibit varying degrees of hydrocarbon loss under 
ambient conditions. A core sample of organic-rich shale 
(TOC = 11.90 wt%) from the Devonian Duvernay Formation in the 
Western Canada Sedimentary Basin stored for 2 years lost 15% of 
its oil content after 360 h exposed to open air, increasing to 22.5% 
after 1300 h. An organic-poor shale (TOC = 0.86 wt%) from the
Ordovician Lotbini�ere Formation in the St. Lawrence Platform,
Quebec, Canada kept at ambient conditions for 6 months, showed 
15% hydrocarbon evaporative loss after 21 h and 29% after 170 h 
after being exposed to open air (Jiang et al., 2016). In the Junggar 
Basin, shale samples from the Lucaogou and Fengcheng formations 
(TOC = 1.03–12.31 wt%, mean = 5.09 wt%) exhibited hydrocarbon 
losses of 11%–89% after being stored at ambient conditions (Chen 
et al., 2018). In the Songliao Basin, the hydrocarbon loss was 70% 
when comparing core samples with those stored under high-
pressure conditions (Sun et al., 2020). In the Qaidam Basin, shale 
from the Ganchaigou Formation experienced hydrocarbon loss of 
43% after 43 h of exposure (Zhao et al., 2023). So, the above study 
focuses on hydrocarbon loss of samples from the well site to the 
laboratory, the long-term storage of core samples, and sample 
preparation.

Therefore, we divide the hydrocarbon loss from the recovery of 
drillcore to final analysis into three stages, stage 1 occurs during 
the transfer of the shale from its in-situ reservoir to the surface at 
the well site, which takes about 10 h (Yan et al., 2019). Stage 2 
occurs during the transportation of the shale from the well site to 
the laboratory, which includes core sorting, packaging, and 
transport. The transportation time depends on the location of the 
well site (Zhu et al., 2015; Luo et al., 2022), but it is generally 
~150 h. Stage 3 occurs during the storage of core samples, with 
some samples being analyzed promptly, while others are placed in 
long-term storage (e.g., > 1000 h) until needed (Jiang et al., 2016). 

And the previous studies have investigated three key factors 
controlling shale oil loss: thermal maturity, TOC content, and pore 
diameter (Song et al., 2013; Zhu et al., 2015; Jiang et al., 2016; Chen 
et al., 2017, 2018). While they have different opinions about the 
relationship between thermal maturity (expressed as vitrinite 
reflectance, R o ) and hydrocarbon loss at different mature stage, 
during the maturity range of R o = 0.5%–0.7%, the hydrocarbon loss 
remains constant (Zhu et al., 2015); the hydrocarbon loss may 
increase (Song et al., 2013; Zhu et al., 2015) or decrease (Chen et al., 
2017, 2018) with increasing maturity at the maturity range of 
R o = 0.7%–1.2%; and when over the maturity range of 
R o = 1.3%–1.6%, the hydrocarbon loss increases with increasing 
maturity (Chen et al., 2017, 2018).

The effect of TOC content on shale oil loss is also controversial. 
Organic-rich shale has a stronger ability to retain oil and gas due to 
its hydrocarbon adsorption, and thus tends to retain more oil and 
gas, leading to lower hydrocarbon loss (Jiang et al., 2016; Yan, 
2023). However, other studies have suggested that hydrocarbon 
loss increases at higher TOC contents (Chen et al., 2018). In terms 
of hydrocarbon composition during evaporative loss, it has been 
qualitatively observed that lighter components are more prone to

hydrocarbon loss than heavier components (Michael et al., 2013; 
Jarvie et al., 2007; Jiang et al., 2016; Ş en and Kozlu, 2020; Sun, 
2020).

Some studies have suggested that heavier hydrocarbon com-
ponents are also susceptible to loss (e.g., Tian et al., 2024). But few 

studies have quantitatively examined how differences in hydro-
carbon composition or carbon numbers affect hydrocarbon loss. 
Some other studies have highlighted the influence of nanopores 
during thermal evolution on shale oil loss (Milliken et al., 2013; 
Zou et al., 2013). When the pore size is below a certain 
threshold, smaller molecular weight hydrocarbons can be trapped 
in nanopores (Akkutlu, 2017). An increase in hydrocarbon gener-
ation due to the decomposition and transformation of kerogen 
during hydrocarbon generation leads to an increased nanopore 
volume (Curtis et al., 2012; Milliken et al., 2013), resulting in more 
adsorbed hydrocarbons and reduced hydrocarbon loss (Jiang et al., 
2016; Chen et al., 2018).

Although the previous studies have investigated shale oil 
evaporative loss, establishing preliminary insights into controlling 
factors of this loss (Song et al., 2013; Zhu et al., 2015; Jiang et al., 
2016; Chen et al., 2018), there are three key problems still un-
clear. First, the proportion and rate of hydrocarbon loss during 
stages 1 and 2 have not been thoroughly investigated. Second, the 
factors that affect shale oil loss are unclear. Third, there is some 
controversy regarding the loss of light and heavy hydrocarbon 
components, and there has been no quantitative study on the 
relationship between hydrocarbon composition and proportion of 
hydrocarbon loss from shale.

This study conducted detailed analyses of geochemical char-
acteristics of the simulated shale samples, monitoring the pro-
portion and rate of shale oil loss over varying exposure times. 
Furthermore, the research identified key factors that control 
evaporative hydrocarbon loss factors across different thermal 
maturity stages. These findings highlight the importance of timely 
analysis of shale samples and provide guidance for the accurate 
evaluation of shale oil and gas resources.

2. Materials and methods

2.1. Samples

The original samples were obtained from the Upper Cretaceous 
Qingshankou Formation within the Sanzhao Sag, which represents 
one of the secondary tectonic units within the Central Depression 
of the Songliao Basin (Fig. 1).

The geochemical characteristics of the samples are presented in 
Table 1. Based on the geochemical parameters, the samples have a 
low maturity and high hydrocarbon generation potential.

2.2. Methods

The shale samples were prepared by removing weathered 
surfaces, washing with deionized water, and drying in a vacuum 

oven at 80 ◦ C. The samples were then crushed to 60–80 mesh, and 
100 g aliquots were prepared using the quartering method.

The thermal simulation experiments were conducted under the 
same room temperature and pressure conditions to obtain artifi-
cially matured shale samples with R o = 0.89%–1.75%. A small 
amount (100 mg) of each artificial matured sample was used for 
determination of TOC contents, and 15 g of each sample was 
subjected to online continuous LF-NMR T 2 spectral analysis. About 
1 g of each sample was used for low-temperature N 2 adsorption 
experiments and approximately 20 g of each sample was subjected 
to Soxhlet extraction to obtain a solid residue that did not contain 
shale oil. After extraction, extractable organic matter (EOM) was
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obtained for gas chromatography (GC) analysis and the LF-NMR 
experiments. About 10 g of solid residue was dried in a vacuum 

oven at 80 ◦ C for 24 h to remove dichloromethane and the dried 
sample was then subjected to LF-NMR analysis. This study used LF-
NMR to continuously monitor the changes in the LF-NMR signal of 
different shale samples over time, recording the decrease in shale 
oil content and providing real-time insights into the evaporative 
loss of hydrocarbons. The experimental process is shown in Fig. 2.

2.2.1. Pyrolysis simulation experiments
The thermal simulation experiments used a water-free closed 

system to minimize external H contamination. Before the thermal 
simulation experiments, shale samples (100 g) were dried at 80 ◦ C 
for 24 h in a vacuum oven to remove moisture. The dried samples 
were transferred to a stainless-steel tube and sealed with a 
graphite gasket. The tube was loaded into a high-pressure pyrol-
ysis apparatus developed by the China Petroleum Exploration and 
Development Research Institute (Mi et al., 2009). A closed system 

was utilized in this study to replicate subsurface geological con-
ditions. Typically, a 100 g sample was placed in a stainless-steel 
cylinder (inner diameter: 34 mm), and an axial pressure of 
80 MPa was applied from one end of the cylinder to compact the 
sample.

The burial depth during the simulation was set to 2500 m, with 
pyrolysis temperatures ranging from 330 ◦ C to 420 ◦ C over a 
duration of 2–8 days. The R o values were calculated using the 
method of Sweeney and Burnham (1990). The equivalent R o values 
for the experimental temperatures and heating durations are 
presented in Table 2. The thermal simulation experiment produced 
shale samples with a maturity of R o = 0.89%–1.75%, the main 
generation stage for shale oil. These samples were subsequently

subjected to LF-NMR analysis, where the proportion and rate of 
shale oil loss were continuously monitored in real-time over 
varying periods under ambient conditions.

2.2.2. LF-NMR analysis
The first LF-NMR spectrum for each shale sample was acquired 

approximately 30 min after completing the thermal simulation 
experiment, with subsequent data acquisition every 2 min interval 
during the first hour. As the rate of signal change slowed, the data 
acquisition interval was increased to 22 min. The LF-NMR settings 
were programmed for automatic data acquisition, which 
continued for 5 days. The longest data-acquisition time for the 
shale samples exceeded 1000 h.
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Table 1
Geochemical parameters of the Qingshankou Formation shale samples.

Well Depth, m TOC,
%

S 1 , mg/g S 2 , mg/g S 3 , mg/g T max ,
◦ C

HI, mg/g TOC R o , %

X 805 4.87 0.82 42.84 0.33 440 879 0.70

Table 2
Experimental temperatures ( ◦ C) and heating time (days) corresponding to equiv-
alent R o values (Easy%R o ).

Sample Temperature, ◦ C Time, days Easy%R o

1 330 3 0.89
2 330 4 0.92
3 350 2 1.02
4 350 4 1.13
5 350 6 1.20
6 380 2 1.37
7 380 3 1.45
8 380 5 1.56
9 400 2 1.65
10 400 3 1.75

Note: “Temperature” is the temperature of the kettle after 2 h of heating from room 

temperature, which is maintained at constant temperature during the experi-
mental process. “Time” is the thermal reaction time of the original sample in the 
reactor under the specified temperature. “Easy%R o ” is calculated using the method 
described by Sweeney and Burnham (1990).
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The LF-NMR analyses were conducted with a MacroMR12-
110H-G system (Niumag, China), with a magnetic field strength 
of 0.3 T, probe coil diameter of 25 mm, resonance frequency of 
12 MHz, sampling frequency of 333.33 kHz, and magnet temper-
ature of 32 ◦ C. The transverse relaxation time (T 2 ) spectra were 
acquired using the Carr-Purcell-Meiboom-Gill (CPMG) pulse 
sequence (Tian et al., 2024), with analytical parameters as follows: 
echo time interval = 0.1 ms, wait time = 2000 ms, number of 
echoes = 8000, and number of scans = 32. Before conducting the 
LF-NMR analyses for each sample, the instrument was calibrated 
using the Flame Ionization Decay sequence to optimize frequency 
centering and pulse width (P90 and P180). Following instrument 
calibration, standard oil samples of 0.00, 0.02, 0.05, and 0.20 g 
weight were used for calibration to establish signal response 
linearity and ensure measurement reproducibility.

The T 2 spectra of shale samples reflect how the oil-bearing 
porosity changes with relaxation time (Gao and Li, 2015; Li et al., 
2019a). The LF-NMR signal strength (i.e., amplitude) is derived 
from the integration of the T 2 relaxation time distribution, and this 
amplitude represents the shale oil content (Tian et al., 2024). 
Continuous monitoring of the LF-NMR signal variations of the 
shale with time, it is possible to calculate the proportion and rate 
of shale oil loss, as follows:

Loss proportion n = 
Amplitude first − Amplitude n

Amplitude first
; (1)

where Amplitude first represents the first signal amplitude after 
completing the thermal simulation experiment. n denotes the 
exposure duration (in minutes) under ambient conditions, where 
Amplitude n represents the LF-NMR signal amplitude correspond-
ing to the n exposure interval. All amplitudes were normalized to 
sample mass and expressed in arbitrary units per gram, a.u./g. 

The rate of shale oil loss indicates how quickly the shale oil is 
lost over time. The rate is defined as the temporal derivative of 
evaporative loss between consecutive exposure intervals (n + 1 
and n), which can be quantified by the regression slope of the shale 
oil loss versus time. The EOM content losses occur during sam-
pling, transportation, and time waiting for analysis and conducting 
experimental procedures. Consequently, the EOM represents the 
residual oil content after the maximum loss of shale oil, with its 
corresponding LF-NMR signal reflecting the stabilized hydrocar-
bon content at the terminal stage of measurable evaporative 
processes. The T 2 exhibits a linear correlation with shale pore size, 
as established by prior studies (Xu et al., 2015; Zhang et al., 2018; Li 
et al., 2019a):

d = C × T 2 ; (2)

where d is the pore diameter, nm; T 2 represents the transverse 
relaxation time, ms; and C denotes the calibration coefficient for 
unit conversion.

When calculating the pore size of shale using Eq. (2), the C value 
varies (Matteson et al., 2000; Zhang et al., 2018; Tian et al., 2020). 
In this study, the C value was corrected based on pore sizes ob-
tained from low-temperature N 2 adsorption experiments.

2.2.3. Organic geochemical analysis
The TOC contents were measured with a LECO CS-230 instru-

ment. Samples were pulverized to 200-mesh and washed with 
hydrochloric acid (HCl:H 2 O = 1:7 by volume) at 60–80 ◦ C for 1 h to 
remove carbonates. All the samples were then rinsed with distilled 
water to remove any remaining HCl and water-soluble chlorides. 
The samples were then dehydrated in a vacuum oven at 80 ◦ C for 
4 h. Subsequently, the samples were placed in an oxidation furnace

at 850 ◦ C, which has an infrared light detector. Organic carbon was 
combusted in a high-temperature stream of O 2 , converting it to 
CO 2 , which was then measured with the infrared detector. 

Soxhlet extraction was conducted using dichloromethane 
(DCM) as a solvent and by refluxing at 85 ◦ C for 72 h, which yielded 
EOM and a solid residue. To quantitatively characterize the hy-
drocarbon components, aliquots of 1 mL of DCM solution were 
analyzed with a HP-7890 GC instrument. The capillary column 
used for the GC was a HP-1 elastic silica capillary column (30 m 

long, 0.25 mm inner diameter, and 0.25 μm film thickness), with 
high-purity N 2 (N 2 , 99.999%) used as the carrier gas at a constant 
flow rate of 1 mL/min. The GC oven temperature was initially held 
at 80 ◦ C for 5 min, increased to 310 ◦ C at a rate of 6 ◦ C/min, and 
then maintained at that temperature for 35 min.

2.2.4. N 2 gas adsorption analysis
The N 2 adsorption analyses were performed using a Micro-

meritics ASAP 2020 surface area analyzer. Before measurement, 
approximately 300 mg of powdered samples were degassed under 
a vacuum chamber at 150 ◦ C for 6 h to eliminate any residual gas 
impurities. N 2 adsorption isotherms were acquired at 77.35 K to 
detect mesopores (diameter = 2–50 nm) and macropores 
(diameter = 50–300 nm) (Clarkson et al., 2013). The adsorption-
desorption measurements spanned a relative pressure (P/P 0 ) 
range of 0.005–0.998, where P represents equilibrium pressure 
and P 0 denotes the saturation pressure. Each pressure point 
maintained a 30-s equilibrium interval to ensure thermodynamic 
stability. The pore size distributions were derived from the 
adsorption branch using the Barrett-Joyner-Halenda (BJH) method 
with the Harkins-Jura thickness equation (Barrett et al., 1951).

3. Results and discussion

3.1. Geochemical characteristics of the shales

The TOC contents of the shale samples decreased progressively 
with increasing thermal maturity (Fig. 3(a)). The ratio of light to 
heavy components in the shale oil (C 6 –C 14 /C 15+ ) increased signif-
icantly at higher maturities (Fig. 3(b)). As the maturity increased, 
the hydrocarbon generation from the shale intensified, leading to a 
reduction in TOC contents from 3.20 wt% to 1.86 wt% (Fig. 3(a)). At 
thermal maturity levels below R o = 1.2%, the shale is in the oil 
generation stage, generates mainly heavier hydrocarbons, and may 
have a relatively high oil adsorption capacity and a low free hy-
drocarbon content (Jarvie, 2012). During this stage, the C 6 –C 14 /C 15+ 

ratio remains relatively constant (0.27–0.45). As R o increases from 

1.20% to 1.75%, gas becomes the primary hydrocarbon component 
because of thermal cracking of crude oil, with heavier components 
breaking down into lighter hydrocarbons. This results in a marked 
increase in the C 6 –C 14 /C 15+ ratio, and the generated hydrocarbons 
become progressively lighter with increasing maturity (Fig. 3(b)).

3.2. Proportion and rate of shale oil loss

The temporal variations in the LF-NMR spectra of shale exposed 
to open air are primarily attributed to hydrocarbon evaporative 
loss. Although various experimental methods have been employed 
to investigate shale oil loss, including EOM gas chromatography 
(Song et al., 2013; Xue et al., 2016), Rock-Eval pyrolysis (Zhu et al., 
2015; Jiang et al., 2016; Chen et al., 2017, 2018), mass balance 
methods (Chen et al., 2018), and chemical kinetic theory (Chen 
et al., 2017). Conventional destructive experimental methods, 
such as Rock-Eval pyrolysis and EOM analysis, require sample 
preparation (e.g., crushing), which can lead to underestimation of 
the shale oil content. Nuclear magnetic resonance (NMR) was used
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under low magnetic field to characterize unconventional shale oil 
and gas, including the shale fluid content, pore size distribution, 
and fluid occurrence state (Yao and Liu, 2012; Yao et al., 2014; 
Zhang et al., 2017; Li et al., 2019a; Song and Kausik, 2019; Bai 
et al., 2023; Zhao et al., 2023; Tian et al., 2024). Since NMR is 
sensitive to hydrogen-bearing fluids in porous media 
(Bloembergen et al., 1948; Coates et al., 1999; Meng et al., 2024), its 
direct measurement of shale oil content provides a more accurate 
determination of initial shale oil content (Gao and Li, 2015; Zhang 
et al., 2018; Song and Kausik, 2019; Bai et al., 2023; Meng et al., 
2023). The previous studies have suggested the LF-NMR signal is 
affected by TOC content and clay minerals in the shale (Kausik 
et al., 2016; Li et al., 2019a). However, in this study, by 
comparing the LF-NMR signal intensity of the shale samples before 
and after extraction (Fig. 4), it was observed that the LF-NMR 
signal of the solid residue after extraction was nearly zero. This

indicates the LF-NMR T 2 spectrum exclusively detects signals from 

hydrocarbons, with negligible interference from solid matrix 
components.

The normalized LF-NMR signal amplitude (expressed in a.u./g) 
of shales with varying thermal maturities exhibited a progressive 
decline with increasing exposure time (Fig. 5). With exposure time 
increased, the normalized LF-NMR amplitude demonstrated sus-
tained attenuation, even after 1000 h (17 days) of exposure, the 
amplitude was persistent signal attenuation (Fig. 5). Initial 
amplitude values exhibited significant maturity-dependent vari-
ations (Fig. 5). Within the thermal maturity range from 0.89% to 
0.92%, the first LF-NMR signal amplitudes ranged from 291 a.u./g 
to 434 a.u./g. Prolonged atmospheric exposure ( > 1000 h) induced 
signal amplitude attenuation, resulting in amplitude reduction to

Fig. 3. Variations in the geochemical characteristics of the Qingshankou Formation shale samples with thermal maturity. (a) R o (%) vs. TOC contents (wt%); (b) R o (%) vs. light-to-
heavy
hydrocarbon ratio (C 6 –C 14 /C 15+ ratio).
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205–311 a.u./g. Within the early oil window (R o = 1.02%–1.20%), 
shales exhibited the highest LF-NMR signal amplitudes (515–590 a. 
u./g), corresponding to peak oil generation observed across the 
thermal maturity range in this study. After > 1000 h of exposure in 
open air, the amplitudes decreased to 441, 436, and 416 a.u./g,

respectively. Within the R o = 1.37%–1.56%, Shale samples exhibited 
the first LF-NMR signal amplitudes were 384, 360, and 323 a.u./g, 
respectively. Prolonged atmospheric exposure (> 1000 h) induced 
signal attenuation, with amplitudes declining to 311, 304, and 268 
a.u./g, respectively. For overmature shale samples (R o = 1.65% and
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Fig. 6. Proportion of shale oil loss from the Qingshankou Formation shale samples with varying exposure times.
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1.75%), the first LF-NMR signal amplitudes were 210 and 234 a.u./g, 
respectively. After > 1000 h of exposure under ambient conditions, 
the amplitudes decreased to 161 and 147 a.u./g, respectively.

Eq. (1) was used to calculate the proportion of shale oil loss at 
different exposure times (Figs. 6 and 7). The evaporative loss of

shale oil can be divided into three stages, corresponding to the 
exposure times: (1) stage 1 occurs during the first 10 h, repre-
senting core recovery to the surface at the well site; (2) stage 2
occurs during 10–150 h, corresponding the transportation of 
samples from the well site to the laboratory, followed by short-
term storage in the laboratory; and (3) stage 3 occurs during 
150 h to > 1000 h, representing long-term storage of the samples 
in a core facility (Fig. 7).

During these three stages of shale oil loss, the proportion of loss 
increases gradually and the rate of loss shows a decrease (Table 3). 
In stage 1, the cumulative loss proportion of shale oil ranges from
0 to 10.9%, with a maximum loss rate of 1.250%/h (range: 0.183%/ 
h–1.973%/h). Notably, previous studies have overlooked shale oil 
loss in stage 1, including those employing special coring tech-
niques (e.g., pressurized, sponge-lined, and closed coring).

In stage 2, the cumulative loss proportion of shale oil ranges 
from 8.0% to 25.0%, with an average loss rate of 0.047%/h (range: 
0.020%/h–0.097%/h), while stage 3 exhibits the shale oil losses of 
19.5%–31.1%, with an average loss rate of 0.007%/h (0.003%/ 
h–0.011%/h). There is no clear boundary between stages 2 and 3. 
Shale oil losses continue to occur when samples are not analyzed 
promptly after being transported from the well site to the labo-
ratory, or stored for a long time in the core facility under ambient 
conditions. For example, the Devonian Duvernay Formation shale 
was exposed for 2 years before such a shale oil loss investigation, 
subsequent powdering, exhibited 37.5% hydrocarbon loss 
following pulverization and 21 h of exposure under ambient 
conditions (Jiang et al., 2016).

In previous research on shale oil evaporative loss, samples 
were routinely subjected to long-term storage in a core facility 
before analysis (Song et al., 2013; Zhu et al., 2015; Chen et al., 
2017), and they also employed the chemical kinetic theory 
and the mass balance method to estimate the maximum evap-
orative loss proportion of shale oil (Chen et al., 2017, 2018). 
However, the previous studies of shale oil evaporative loss 
overlooked two critical stages: the original core recovery at the 
well site and sample transportation from the well site to the 
laboratory. By integrating results from the present investigation 
and previous research, a comprehensive schematic diagram was 
established to quantify evaporative losses, which can be
accomplished by four key stages: stage 1: initial core retrieval at
the well site; stage 2: the evaporative loss of shale oil due to 
exposure during its transportation from the well site to the
laboratory; stage 3: long-time storage in a core facility; and
stage 4: the maximum evaporative loss proportion of shale oil 
under ambient conditions. (Song et al., 2013; Zhu et al., 2015; 
Chen et al., 2017, 2018; Li et al., 2019b; Sun et al., 2020; Zhao 
et al., 2023) (Fig. 8). Shale oil loss in stage 1 ranges from 1%
to 10%. This loss is typically overlooked, even with the appli-
cation of sealed coring methods, and should be considered
when assessing the original shale oil content. The shale oil loss
in stage 2 ranges from 12% to 20%, with some samples losing as
much as 43%. In stage 3, the total loss increases further and 
varies from 9% to 47%. The EOM extracted from shale represents 
the minimum value of the shale oil content, with its LF-NMR 
signal correspondingly minimized in shale samples. Under the 
assumption that artificial thermal simulation conditions main-
tain 100% oil retention, the maximum loss proportion of shale 
oil is calculated as the difference between the theoretical total 
oil content and the LF-NMR amplitude signal of EOM. Based on 
this assumption, the maximum loss proportion of shale oil in 
this study ranges from 39% to 87%. When integrating the pre-
vious studies (Chen et al., 2017, 2018), the maximum loss pro-
portion of shale oil should range from 11% to 87%.
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Table 3
Rate of shale oil loss for the Qingshankou Formation shale samples with varying 
exposure times.

R o Loss rate, %

0~10 (hours) 10~150 (hours) 150~> 1000 (hours)

0.89 1.268 0.020 0.005
0.92 1.184 0.029 0.010
1.02 1.589 0.061 0.009
1.13 1.283 0.037 0.006
1.20 0.960 0.032 0.006
1.37 1.211 0.039 0.010
1.45 1.620 0.033 0.010
1.56 1.973 0.061 0.003
1.65 1.777 0.038 0.008
1.75 1.417 0.083 0.006
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Fig. 8. Shale oil loss from the Qingshankou Formation shale samples during different 
stages, compared with results from previous studies (Song et al., 2013; Zhu et al., 
2015; Chen et al., 2017, 2018; Li et al., 2019b; Sun, 2020; Zhao et al., 2023).
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3.3. Factors controlling the evaporative loss of shale oil during 
thermal evolution

The LF-NMR T 2 spectra of the Qingshankou Formation shale 
samples (per gram of rock) exhibit progressive shifts under vary-
ing exposure durations, indicating dynamic equilibration of hy-
drocarbon loss processes with thermal evolution (Fig. 9). After

reaching equilibrium, the shale oil loss initially decreases and then 
increases with maturity (Fig. 10(a)). At the initial state (exposure 
time ≤ 40 min), the shale oil loss is not significantly related to the 
degree of thermal evolution. As exposure time reaches ca. 10 h, the 
proportion of loss is in a dynamic loss state. After an exposure time 
of > 1000 h, the proportion of loss stabilizes and, as the thermal 
maturity increases from R o = 0.89%–1.20%, the proportion of loss
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decreases from 29.4% to 20.0%. However, as the maturity increases 
from R o = 1.20%–1.75%, the shale oil loss increases from 20.0% to 
31.1%, with a minimum loss at R o = 1.20% (Fig. 10(a)).

Shale oil evaporative loss during thermal evolution is governed 
by three key factors: TOC, hydrocarbon composition, and pore size. 
By comparing the proportion of shale oil loss per unit rock weight 
and normalized to TOC content, we found that as the TOC content 
increases, the loss also increases (Fig. 10(a) and (b)). The effect of 
TOC on shale oil loss depends on the adsorption capacity of the 
shale samples, as well as the proportion of free oil. The hydro-
carbon adsorption capacity per unit TOC mass is constant, 
implying that higher oil adsorption by the TOC results in greater 
saturation, making the hydrocarbons more prone to evaporation. 
For samples with very low oil saturation, if the TOC is in an un-
dersaturated adsorption state, a high TOC content may reduce the 
shale oil loss (Jiang et al., 2016). Under favorable geological con-
ditions for shale oil exploration and development, TOC content is 
in a saturated adsorption state with abundant free hydrocarbons. 
As the TOC content increases, the amount of free oil in the shale 
also increases (Lu et al., 2012; Wang et al., 2019), amplifying shale 
oil loss increased with higher TOC contents.

To further investigate the effects of hydrocarbon composition 
and pore size on hydrocarbon loss during thermal evolution, we

conducted TOC-normalized loss quantification (Fig. 10(b)). When 
the hydrocarbon loss approaches a steady state, the loss first de-
creases and then increases with maturity, averaging 9.85% (range: 
7.25%–16.72%). When R o = 1.75%, the loss reaches a maximum of 
16.72% (Fig. 10(b)).

The hydrocarbon composition is closely related to the propor-
tion of shale oil loss, particularly the C 6 –C 14 /C 15+ ratio of the liquid 
hydrocarbons. In the different maturity shale samples, as the 
proportion of C 6 –C 14 in the hydrocarbon components increases, 
the shale oil loss also increases (Fig. 11(a)). Conversely, as the 
proportion of C 15+ in the hydrocarbon components increases, the 
shale oil loss decreases (Fig. 11(b)). As the C 6 –C 14 /C 15+ ratio of the 
liquid hydrocarbons increases, the shale oil loss also increases 
(Fig. 11(c)), indicating the hydrocarbon composition plays a sub-
stantial role in the shale oil loss. The various components in the 
hydrocarbons have different parameters, such as polarity, molec-
ular weight, and boiling temperature. Based on the stage state of 
the components, at a given temperature the lighter components 
have a higher saturated vapor pressure, making these easier to 
evaporate and leading to their faster loss. The lighter components 
preferential evaporate due to higher vapor pressures, establishing 
a chemical potential gradient that subsequently drives the 
sequential loss of heavier components. During short-term

Fig. 11. Relationship between hydrocarbon composition and shale oil loss from the Qingshankou Formation shale samples. (a) C 6 –C 14 (%) vs. Loss proportion (normalized TOC);
(b) C 15+ (%) vs. Loss proportion (normalized TOC); (c) C 6 –C 14 /C 15+ (%) vs. Loss proportion (normalized TOC).
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exposure (≤ 10 h), both the light (C 6 –C 14 ) and heavy (C 15+ ) com-
ponents undergo evaporative loss, driving maximal loss rates in 
stage 1. With prolonged exposure, depletion of light hydrocarbon 
fractions shifts mass transfer dominance to heavier components,

whose lower evaporative loss kinetics, resulting in rate reductions 
during stages 2–3 compared to stages 1.

The analyzed shale samples exhibit a nanopore architecture 
dominated by small oil-bearing pores, as characterized by the LF-
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NMR T 2 spectra. Comparing T 2 relaxation-derived pore diameters 
(d T2 ) with the N 2 adsorption data (d N2 ), yielded an optimal scaling 
coefficient C = 40 for NMR-to-pore size conversion (Fig. 12(a)). A 
distinct peak and trough occur around the T 2 cutoff value of 2 ms, 
which effectively divide the entire spectrum into leading and 
trailing peaks (Fig. 12(b)). The pore diameter range for the leading 
peak is 0.4–80 nm, and for the trailing peak is 80–1000 nm. Based 
on the International Union of Pure and Applied Chemistry (IUPAC) 
classification, nanopores are divided into micropores (pore diam-
eter < 2 nm), mesopores (pore diameter = 2–50 nm), and mac-
ropores (pore diameter > 50 nm) (Sing, 1985). The leading peak 
represents mesopores, while the trailing peak represents 
macropores.

The LF-NMR T 2 spectra of the shale samples vary with exposure 
time, revealing differential hydrocarbon evaporative loss with 
variable pore diameters (Fig. 13). Macropores exhibit rapid hy-
drocarbon losses, whereas mesopores dominate cumulative loss 
proportion despite slower loss rates. Following prolonged expo-
sure (> 1000 h), T 2 spectra of the different thermal maturity 
samples display almost no amplitude signal beyond 2 ms

Fig. 14. Relationship between pore volume and shale oil loss for the Qingshankou 
Formation shale samples.

Table 4
Correlations between TOC content, pore volume, C 6 –C 14 /C 15+ ratio, and shale oil loss at different maturities.

Loss proportion (per rock)

R o 0.89%–1.20% R o 1.20%–1.75%

TOC Pearson correlation 0.957 a − 0.267
significant (2 tailed) 0.011 0.562

Pore volume Pearson correlation − 0.289 0.005
significant (2 tailed) 0.637 0.992

C 6 –C 14 /C 15+ Pearson correlation 0.053 0.851 a

significant (2 tailed) 0.933 0.015

a = Correlation is significant at the 0.05 level (two-tailed distribution).

Fig. 15. Model of the factors that affect shale oil loss.
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(Fig. 12(b)), indicating the hydrocarbons in macropores have been 
completely lost. In contrast, the amplitude signal from the small 
pores decreases more significantly with exposure time, and the 
absolute loss from the mesopores increases with exposure time. 
Zhao et al. (2023) quantified the shale oil loss of the Paleogene 
Ganchaigou Formation in the Qaidam Basin employing an analo-
gous LF-NMR T 2 spectral analysis technique. After 43 h of pres-
surized coring, the shale oil loss was 43%, which closely aligned 
with Stage 2 losses in this study. The LF-NMR T 2 spectrum signal of 
the Ganchaigou Formation shales ranged from 2 to 10 ms, and 
significantly longer than those of the studied shale samples. 
Therefore, the hydrocarbons in large pores were preferentially lost, 
which explains why the shale oil loss from the Ganchaigou For-
mation exceeds that in the second stage of the present study. 

Organic matter generates organic-hosted nanopores during 
hydrocarbon generation during the thermal maturity 
(R o = 0.89%–1.75%) (Curtis et al., 2012; Wang et al., 2024), with 
total pore volume increasing from 0.04 to 0.06 cm 3 /g (Fig. 14). The 
increase in nanopores enhanced the shale oil adsorption, resulting 
in a decrease in shale oil loss. From R o = 0.89%–1.20%, the nano-
pores grew rapidly, reducing shale oil loss. However, from 

R o = 1.20%–1.75%, the nanopore shows little significant change. 
This result contradicts the previous assumptions that an increase 
in nanopores leads to a constant decrease in shale oil loss (Jiang 
et al., 2016; Chen et al., 2018).

Based on our findings, we developed a comprehensive model 
identifying the key controls for shale oil loss (Fig. 15). During the 
low to medium maturity stages (R o = 0.89%–1.20%), the shale oil 
loss decreases with increasing maturity, which is due primarily to 
the decrease in TOC content. The correlations between shale oil 
loss, TOC content, hydrocarbon composition, and pore volume 
indicate that TOC content has the strongest correlation with shale 
oil loss (Table 4). An increase in pore volume contributes to a 
decrease in the shale oil loss. Previous studies attributed the 
decrease in shale oil loss to the increasing density of shale oil at 
greater burial depths in the low to medium maturity stages (Chen 
et al., 2018). However, the present study used shale samples from 

laboratory thermal simulation, which effectively eliminates the 
effect of shale heterogeneity on shale oil loss. Therefore, the shale 
oil loss in these maturity stages is affected primarily by TOC con-
tent, with the hydrocarbon composition and pore volume acting as 
secondary factors.

In the medium to high maturity stages (R o = 1.20%–1.75%), the 
shale oil loss increases with maturity, driven primarily by an in-
crease in the C 6 –C 14 /C 15+ ratio of the hydrocarbons (Table 4); the 
changes in pore volume and TOC content are less important.

4. Conclusions and indication

Through the thermal simulation experiments on low-maturity 
shale samples from the Qingshankou Formation in the Songliao 
Basin, we obtained the T 2 spectra variation of the shale samples, 
and quantified both the temporal proportion and rate of shale oil 
loss with maturities ranging from 0.89% to 1.75% using LF-NMR. 
The temporal evolution trends and controlling factors of shale oil 
loss were systematically investigated. The main conclusions are as 
follows:

The TOC content, hydrocarbon C 6 –C 14 /C 15+ ratios, and shale oil 
loss exhibit significant variations across thermal evolution stages. 
With increasing thermal maturity (R o = 0.89%–1.75%), the TOC 
content of the shales decreases from 3.20% to 1.86%. The hydro-
carbon C 6 –C 14 /C 15+ ratios remained stable during early maturation 
(R o = 0.89%–1.20%), whereas beyond the peak of hydrocarbon 
generation (R o > 1.20%), it increased rapidly from 0.29% to 
3.75%.The shale oil loss decreases with increasing maturity at the

low to medium maturity stages (R o = 0.89%–1.20%), and this 
decrease in shale oil loss is due to the decrease in TOC contents, not 
the previous results of shale oil density increasing. While the shale 
oil loss increases with maturity at the medium to high maturity 
stages (R o = 1.20%–1.75%), the hydrocarbon composition changing 
(i.e., an increase in C 6 –C 14 /C 15+ ratios), is the main factor that 
causes the increase in shale oil loss rather than TOC content. 

Based on the variations in the proportion and rate of shale oil 
loss for the different shales and exposure times, the evaporative 
loss of shale oil can be divided into three stages, stage 1 involves a 
shale oil loss of 0–10.9% (during the first 10 h after core recovery to 
the surface at the well site), stage 2 involves a shale oil loss of 
8.0%–25.0%, and stage 3 involves a shale oil loss of 19.5%–31.1%. So, 
with increasing exposure time of the shale samples, the shale oil 
content of the different thermal maturity samples decreased 
continuously.

The highest proportion of shale oil loss occurred shortly after 
drilling (< 10 h), reaching approximately 10% of total oil content. 
Delayed analysis of shale samples after drilling may lead to sig-
nificant evaporative loss, with maximum proportion of losses 
ranging from 11% to 89%. The proportion of shale oil loss is 
different during the following three stages, the first 10 h during the 
transfer of the shale from its in-situ reservoir to the surface at the 
well site, the second 150 h of transportation of the shale from the 
well site to the laboratory, including sorting, packaging, and 
transport, and last more than 1000 h of storage of samples. 
Therefore, we should pay more attention to this hydrocarbon 
evaporative loss at different stages in future shale oil resource 
assessments.
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