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ABSTRACT

Marine-continental transitional shale (MCTS) gas holds excellent gas-generating hydrocarbon basis and
exploration potential. Conducting quantitative analysis on the evolution of shale gas content and the
coupled relationship between hydrocarbon generation and storage during geological history is essential
for a profound understanding of shale gas enrichment mechanisms. This study establishes integrated
models for hydrocarbon generation evolution, porosity evolution, and gas occurrence in Type Il organic-
rich MCTS through a synergistic experimental approach combining multi-temperature methane
isothermal adsorption experiments and gold-tube pyrolysis experiments on low-maturity shale sam-
ples. Simulating a variety of real and virtual burial histories and thermal histories, the evolution process
of gas content in MCTS was reconstructed and the influence of various geological conditions during
burial on gas content evolution was clarified. The results indicate that a seven-stage evolution (A-G) of
gas content in MCTS from the Shanxi Formation, Southern North China Basin. Critical thresholds
include: (1) dissolution-enhanced reservoir modification at vitrinite reflectance (EasyR,) = 1.0%, (2)
adsorbed gas saturation at EasyR, = 1.3%, (3) dual saturation of free and adsorbed gas at EasyR, = 2.0%,
(4) 15%-30% gas loss through expulsion during overmature stages (EasyR, > 2.0%), and (5) partial free-
to-adsorbed gas conversion triggered by tectonic uplift. Total organic carbon (TOC) content and over-
pressure exhibit positive correlations with gas content, while tectonic uplift magnitude shows a
negative impact. The influence of maximum burial depth, paleo-heat flow, and geothermal gradient
demonstrate complex nonlinear relationships on gas content.
© 2026 The Authors. Publishing services by Elsevier B.V. on behalf of KeAi Communications Co. Ltd. This
is an open access article under the CC BY-NC-ND license (http://creativecommons.org/licenses/by-nc-
nd/4.0/).

1. Introduction

including the Barnett Shale in the Fort Worth Basin (Loucks et al.,
2009), the Woodford Shale in Oklahoma and Texas, the Horn River

Shale oil and gas have been globally recognized as abundant
unconventional hydrocarbon resources (Curtis, 2002; Jarvie et al.,
2007; Guo et al., 2025). Over the past decade, successful explora-
tion cases have emerged from various marine shale formations
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Group shale in the western Canada Basin (Dong et al., 2015), as
well as the Posidonia Shale in Europe, and the Longmaxi Formation
shales in the Sichuan Basin (Tian et al., 2016; Yang et al., 2016; Zou,
2024). These formations are characterized by Type I and II
kerogen-rich marine shales. However, MCTS containing predomi-
nantly Type III kerogen have not yet yielded commercially viable
reserves on an industrial scale (Lu et al., 2024). Recent studies
suggest these MCTS possess unique hydrocarbon enrichment
mechanisms that warrant further investigation.

The inherent advantage of in-situ hydrocarbon accumulation in
shale reservoirs makes the reservoir space characteristics

1995-8226/© 2026 The Authors. Publishing services by Elsevier B.V. on behalf of KeAi Communications Co. Ltd. This is an open access article under the CC BY-NC-ND license

(http://creativecommons.org/licenses/by-nc-nd/4.0/).


http://creativecommons.org/licenses/by%2Dnc%2Dnd/4.0/
http://creativecommons.org/licenses/by%2Dnc%2Dnd/4.0/
http://creativecommons.org/licenses/by%2Dnc%2Dnd/4.0/
mailto:yangxiaoguang1993@126.com
mailto:lishz2006@sina.com
mailto:lishz2006@sina.com
http://crossmark.crossref.org/dialog/?doi=10.1016/j.petsci.2026.01.006&domain=pdf
www.sciencedirect.com/science/journal/19958226
www.keaipublishing.com/en/journals/petroleum-science
https://doi.org/10.1016/j.petsci.2026.01.006
http://creativecommons.org/licenses/by%2Dnc%2Dnd/4.0/

X.-G. Yang, S.-Z. Li, Q.-C. Xu et al.

(including pore distribution, architecture, wettability, and con-
nectivity) critical determinants of hydrocarbon enrichment and
production efficiency (Yang et al., 2019; Nie et al., 2024). In
contrast, conventional reservoir evaluation based solely on
present-day observable properties proves inadequate, as preser-
vation conditions and the historical evolution of source-reservoir
systems fundamentally govern the effective accumulation of
generated hydrocarbons (Han et al., 2017).

The evolution process of shale gas is a critical and challenging
topic, with the coupling relationship between hydrocarbon gen-
eration and storage being the core issue of shale gas evolution
research (Guo et al., 2024). Within China's transitional facies, coal-
bearing shales dominated by Type III kerogen exhibit distinct hy-
drocarbon generation characteristics compared to their marine
and lacustrine counterparts (Xin et al., 2023). These organic-rich
deposits demonstrate exceptional gas-generating potential
coupled with elevated TOC, but suffer from suboptimal hydrocar-
bon conversion efficiency. The frequent changes in water bodies
and climate in transitional facies also result in rapid vertical
variation in organic matter content.

For reservoir formation mechanisms, MCTS are rich in clay
minerals, which form numerous intercrystalline and intergranular
pores (Lis et al., 2025). The transformation and compression of clay
minerals during burial and diagenesis have a significant impact on
the porosity (Xie et al., 2022; Yu et al., 2022). Compared to marine
shales, Type Il organic matter, predominantly comprising terres-
trial plant fragments, exhibits significantly fewer organic matter
pores but commonly shows organic matter shrinkage fractures
(Zhang et al., 2025). Since shale gas exists mainly as adsorbed gas
and free gas, which differ greatly in density underground, it is
essential to analyze the changes in their occurrence states during
shale gas evolution. It is widely believed that shale gas occurs
mainly as adsorbed gas in shallow strata (<2000 m) and gradually
turns into predominantly free gas in the middle and deep strata
(2000-6000 m) (Borjigin et al., 2021). However, quantitative
research on the evolution of gas content in MCTS during geological
history is still relatively scarce. Understanding the evolution pro-
cess and controlling factors of gas content in MCTS is crucial for a
deeper understanding of shale gas enrichment mechanisms and
guiding future exploration efforts (Li et al., 2022; Zhang et al.,
2022).

This study employs methane isothermal adsorption experi-
ments and gold-tube pyrolysis simulations under geological for-
mation conditions. By integrating the Logistic model, hydrocarbon
generation potential model, multi-porosity model, Langmuir
model, and high-precision supercritical methane density, we
comprehensively establish models for hydrocarbon generation,
reservoir space, and gas occurrence mechanisms in MCTS. Basin-
scale numerical simulation is implemented to reconstruct the
evolution process of gas content in MCTS. Through the establish-
ment of various virtual burial processes, we clarify the influence of
different geological conditions during burial on the evolution of
gas content.

2. Geological setting

The Permian organic-rich MCTS are widely developed across
tectonic units in North and South China, with the Southern North
China Basin and western Guizhou being typical representatives
(Fig. 1(a)). The Southern North China Basin is located in the
southern margin of the North China Craton and, under the control
of an Early Permian marine-continent transitional environment
(Yang and Guo, 2021), hosts organic-rich shales represented by the
Shanxi Formation (Fig. 1(b)). Concurrently, the western Guizhou
area along the southwestern margin of the Upper Yangtze Block
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witnessed intense marine-terrestrial interactions during the
Middle Permian Longtan Stage, resulting in the deposit (Fig. 1(c)).
These two regions not only constitute crucial exploration targets
for Permian MCTS gas resources in China but also exhibit
distinctive hydrocarbon generation potential and gas-bearing
evolutionary characteristics.

The Shanxi Formation in the Southern North China Basin and
Longtan Formation shales in western Guizhou, both belonging to
the Permian marine-continental transitional sedimentary system
of South China, exhibit similar characteristics in organic matter
type (predominantly Type Il kerogen), sedimentary microfacies
(delta-tidal flat), and diagenetic evolution pathways (Hu et al,,
2023; Li and Guo, 2023): (1) both developed transgressive sys-
tems tracts during the global Permian sea-level fall, characterized
by prolonged water retention and suboxic-anoxic bottom water
conditions conducive to organic enrichment; (2) the depositional
environments were both controlled by marine-continental tran-
sitional facies, where the coupling between clastic supply and
biological productivity fostered the formation of shale strata
enriched in Type Il kerogen; (3) tectonically situated within craton
marginal depression belts, they acquired similar uplift-depression
architectures through Ilater tectonic modification, ultimately
yielding analogous shale pore structures.

Samples from the Shanxi Formation of Well Y23 in the South-
ern North China Basin (depth: 1421.9 m, R, = 0.95%) were con-
ducted on thermal simulation experiments. The relatively low
maturity (R, < 1.0%) of these samples is beneficial for capturing the
gas generation characteristics during the middle to late stages of
organic matter thermal evolution. Shale samples from Well Y24 in
the Longtan Formation of the western Guizhou region (depths:
1110.2-1275.5 m, R, = 2.54%-2.71%, TOC = 2.83%-5.75%) were used
for methane isothermal adsorption experiments (Yang and Guo,
2022). These samples have moderate maturity and TOC gradient,
enabling the analysis of the control effect of organic matter con-
tent on shale adsorbed gas content (Table 1).

3. Experimental methods and results
3.1. Methane isothermal adsorption experiment

Four organic-rich shale samples from the Permian transitional
facies with different TOC values are selected for multi-
temperature methane isothermal adsorption experiments
(Table 1, Y24-31, Y24-50, Y24-56, Y24-61). The experiments are
conducted using a GAI-100 high-pressure gas isotherm adsorption
analyzer by Core Lab, USA (Chen et al., 2019). This system features
a maximum operating pressure of 68 MPa and temperature range
of 0-177 °C, with a precision pressure transducer (accuracy:
+0.1 MPa) and Pt100 resistance thermometer (accuracy: +0.2 °C)
for real-time monitoring.

Each sample undergoes methane isothermal adsorption ex-
periments at 20, 27.5, 40, 52.5, and 65 °C, with a pressure range
from O to 30 MPa. 5 g shale sample with an approximate grain size
of 80 mesh is placed in a drying oven and dried at 110 °C for 48 h.
After drying, the sample is placed in a drying dish, and K;SO4 so-
lution with a relative humidity of 97% is placed at the bottom of
dish for humidity equilibrium treatment (Merkel et al., 2016),
which is maintained for 72 h to simulate in-situ moisture condi-
tions. Prior to the formal experiment, helium (99.999% purity) is
used to calibrate the dead volume of the sample cell and con-
necting pipelines using an AJP-100 calibrator by Core Lab, USA,
with 5 replicate measurements to ensure the relative error of dead
volume is < 2% (Hu et al., 2022). During the test, methane gas with
a purity of 99.99% is injected into the reference cell, and the
pressure equilibrium is determined when the pressure fluctuation



X.-G. Yang, S.-Z. Li, Q.-C. Xu et al. Petroleum Science 23 (2026) 2330-2347

Formation Lithology
Xiashihezi
Luxi Uplift
Huaibei
-
Luoyang v
Depression
i Shanxi
©
£
33° 5]
Y23 well o
Fuyang Huainan
Hefei
Depression
32°
Uru.mchl (b) Talyuan
Lhasa Formation
29° 4
GS(2016)1603 Changxing
Wauling Depression
28° []
North of Sinan -
Yunnan-Guizhou Depression Tongren
27°4 A Central Guizhou Uplift £
% Longtan
> - Liupanshui o
Eastern Yunnan N Cllang Xuefeng Uplift
Uplift ~ =
26° 4 Anshun .
Southern Guizhou Rongjiang
*Y24 el depression
Southwestern Xingren
Guizhou Depression oo T-Te-
25° Guizhong Depression S=sS======
Luodian gbep I\EAount %
Fault Depression bemle
0 50 100 km ©) asalt Y
C———— —— e
104° 105° 106° 107° 108° 100° E

~ | Structural unit

Well position boundary

Coal seam

(@)

EI Research area EI City
. rrr
Limestone Sandstone Mudstone - r Basalt

Fig. 1. (a) Structural unit division and well locations in the Southern North China Basin and Guizhou region of China; (b) lithologic column diagram of the Permian Shanxi
Formation transitional facies in the Southern North China Basin; (c) lithologic column diagram of the Permian Longtan Formation transitional facies in the western Guizhou
region.

Table 1

Basic information of experimental samples.
Samples ID Depth, m TOC, % Ro, % Kerogen type Region Formation
Y24-31 1110.2 2.83 2.54 11 Western Guizhou Longtan
Y24-50 1219.6 4.87 2.65 i
Y24-56 1248.5 5.75 2.68 11
Y24-61 1275.5 4.16 2.71 il
Y23-3 1421.9 1.55 0.95 I Southern North China Basin Shanxi
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is < 0.01 MPa within 30 min. At each temperature point, 8 pressure
points and the corresponding adsorbed gas amounts are
measured. The adsorbed gas amount is calculated using the
volumetric method based on the ideal gas law, corrected for real
gas behavior using the compressibility factor from the National
Institute of Standards and Technology (NIST) Chemistry WebBook
(http://webbook.nist.gov/chemistry/fluid). The classic Langmuir
equation is used to describe the methane adsorption behavior
(Yang and Guo, 2022; Li et al., 2025):

7P>< V]_
_P+PL

(1)

In the equation, V is methane volume at STP, cm>/g; P is current
pressure, MPa; Vp is Langmuir volume, which represents the
maximum adsorption volume that sample can reach, cm?/g; Py is
the Langmuir pressure, which represents the pressure at which
adsorption amount reaches half of Vi, MPa.

By fitting the experimentally measured data after absolute
adsorption correction, it is found that this model provided a good
fit for methane isothermal adsorption data under different tem-
perature conditions (Fig. 2). The V; ranges from 1.69 to 3.34 cm’/g,
and P; ranges from 1.37 to 2.41 MPa. The R? (correlation co-
efficients) ranges from 0.95 to 0.99 (Table 2).

3.2. Thermal simulation and rock pyrolysis experiments

Thermal simulation experiments are an essential method for
hydrocarbon source rocks evolution. Thermal simulation experi-
ments are categorized into closed, semi-open, and open systems.
In this study, a closed system hydrothermal method is employed
(Xie et al., 2014) at the State Key Laboratory of Environmental
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Table 2
Fitting results and parameters of Langmuir model for test samples.
Samples ID Temperature, °C Parameter
Vi, cm®[g P, MPa R?

Y24-31 20 2.59 1.49 0.99
27.5 247 1.7 0.96
40 2.26 1.84 0.96
52.5 2.01 2.07 0.98
65 1.69 2.22 0.98

Y24-50 20 334 1.37 0.99
27.5 3.15 1.52 0.97
40 2.99 1.7 0.98
52.5 2.7 1.93 0.99
65 2.6 22 0.99

Y24-56 20 3.54 1.39 0.96
27.5 3.24 1.51 0.95
40 3.1 1.71 0.99
52.5 2.77 2.24 0.98
65 235 241 0.98

Y24-61 20 3.21 1.34 0.99
27.5 3.09 1.54 0.96
40 2.82 1.8 0.96
52.5 2.6 1.98 0.98
65 2.38 2.15 0.99

Geochemistry (SKLEG), Guangzhou Institute of Geochemistry,
Chinese Academy of Sciences, where half the mass of sample is
mixed with distilled water in the gold tube to supplement the
water consumed during pyrolysis. Firstly, 20 g of low-maturity
transitional facies shale samples (Table 1, Y23-3) are ground to a
grain size of 10-15 mesh, mixed thoroughly, and divided into 10
sub-samples of 2 g each for thermal simulation experiments at
different temperatures. The sub-samples are placed in gold tubes
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Fig. 2. Methane adsorption characteristics of shale samples and Langmuir model fitting results.
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(60 mm length, 4 mm inner diameter, 0.2 mm wall thickness) pre-
welded at one end, which are then purged with high-purity argon
(99.99%) for 2 min to displace residual air before being hermeti-
cally sealed under argon protection (Xiao et al., 2005; Gai et al.,
2015). The sealed gold tubes are loaded into a stainless steel
autoclave reactor (model: HPHT-500) with a 500 mL capacity,
which is filled with deionized water as the pressure-transmitting
medium. At a confining pressure of 50 MPa (controlled by a pre-
cision pressure pump with an accuracy of +0.1 MPa), the 10 sub-
samples are heated from 50 °C to target temperatures (150, 200,
250, 300, 350, 400, 450, 500, 550, and 600 °C) in a programmable
muffle furnace (model: SX2-12-10) with a temperature rise rate of
20 °C/h. The temperature is monitored using a K-type thermo-
couple inserted into the reactor, with an error of less than +1 °C,
and the pressure is maintained using an automatic pressure
compensation system with an error of less than +1 MPa (Tian
et al.,, 2012). After reaching the target temperature, each reactor
is rapidly quenched in cold water to terminate the reaction. Post-
experiment, the gold tubes are punctured in a vacuum collection
system, and gaseous hydrocarbons (C;—Cy4) are analyzed using an
Agilent 6890N gas chromatograph equipped with a Poraplot Q
capillary column (30 m x 0.25 mm x 0.25 pm) and a flame ioni-
zation detector (FID), following the method described by Pan et al.
(2012). Liquid hydrocarbons (Cq4,) are extracted using dichloro-
methane (CH,Cly) via ultrasonic extraction for 10 min and quan-
tified using gravimetric analysis. Finally, the residual solid samples
are subjected to Rock-Eval pyrolysis (model: Rock-Eval 6) and
vitrinite reflectance (R,) measurements using a microphotometer
(model: MPV-SP) to determine organic maturity.

Two principal methodologies are conventionally employed for
assessing thermal maturity in shale pyrolysis simulation studies:
(1) Application of hydrocarbon generation kinetic models, with
the most prevalent being the EasyR, model developed by Sweeney
and Burnham (1990); (2) utilization of thermal simulation data
from analogous coal samples as maturity proxies for shale speci-
mens, a practice predominantly adopted when vitrinite grains are
absent in shale formations (Liu et al.,, 2022). Given that the
investigated samples comprise Type Il kerogen-rich shales char-
acterized by elevated organic content and substantial vitrinite

Petroleum Science 23 (2026) 2330-2347

occurrence, R, measurements are directly employed as the
maturity parameter in this investigation.

Rock-Eval pyrolysis can determine the type of organic matter in
shale and evaluate the shale's hydrocarbon generation potential,
serving as the basis for assessing organic matter diagenesis. Ac-
cording to the T,k and Hydrogen Index (HI) cross-plot (Fig. 3(a)),
Y23-3 sample is identified as Type Il kerogen (Mohamed et al.,
2016), with a low HI index not exceeding 127 mg HC/g TOC. Tpax
in the range of 430465 °C is within the oil generation zone, with a
R, of 1.3%. When Ty, exceeds 465 °C, the sample enters gas gen-
eration zone, with oil generation ability gradually decreasing and
gas generation ability increasing. S1+S; represent oil and gas po-
tential of shale (Fig. 3(b)), and when R, is approximately 2.0%, the
slope of curve significantly decreases, indicating that the
remaining organic matter's oil and gas generation potential
weakens and the rate of oil and gas generation slows.

The analysis results of hydrocarbon products from thermal
simulation of ten sub-samples are shown in Fig. 3(c). Cq_5 repre-
sents gaseous hydrocarbons, Cg.14 represents light liquid hydro-
carbons, and Cy4, represents heavy hydrocarbons. When R, is
approximately 1.2%, large amounts of gaseous hydrocarbons begin
to form, primarily generated from the direct degradation of
kerogen. When R, approaches approximately 1.6%, Type III
kerogen enters its peak oil generation phase. Notably, the magni-
tude of oil generation remains significantly lower than concurrent
gas production, demonstrating that Type III kerogen exhibits
markedly limited oil-generation potential while maintaining
robust gas-generating capabilities. This observed threshold (R, >
1.6%) slightly exceeds the R, = 1.5% maturation level documented
in the Barnett Shale (United States) (Lewan and Pawlewicz, 2017).
Upon reaching R, values exceeds 2.0%, C; undergoes thermal
decomposition, marking the onset of dry gas generation. When R,
exceeds 3.0%, near-complete cracking of C,, hydrocarbons occur,
accompanies by progressive diminishment of hydrocarbon gen-
eration potential, ultimately leading to stabilization of total hy-
drocarbon yields. The evolutionary pattern demonstrates that
Type Il kerogen-rich shale systems predominantly yield gaseous
hydrocarbons. Beyond the R, = 2.0% threshold, methane produc-
tion persists as the sole increasing component, while subordinate
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Fig. 3. Thermal simulation and pyrolysis characteristics of sample Y23-3. (a) HI vs. Tryax cross-plot, illustrating the evolutionary trajectory of organic matter maturity and kerogen
type differentiation across progressive thermal simulation stages. (b) S1+S2 vs. R, correlation diagram demonstrating exponential depletion of hydrocarbon generation potential
with advancing thermal maturation. (¢) Phase-specific hydrocarbon component distribution profiles documenting the dynamic evolution of gaseous and liquid hydrocarbons

during pyrolysis.
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hydrocarbons experience sequential secondary cracking processes
until reaching near-depletion states.

4. Models

Shale gas systems are characterized by self-generation, self-
storage, and in-source accumulation (Zhang et al., 2022). The hy-
drocarbon gases originate from thermal maturation of organic
constitutes and become predominantly retained within both
organic-hosted nanopores and associated pore networks in adja-
cent mineral matrices. This inherent geological process results in
in situ hydrocarbon generation, storage, and retention within the
shale matrix. In this study, models are established from three as-
pects: kerogen-to-gas transformation Kkinetics, reservoir space
evolution, and occurrence state. These models are coupled with
burial process simulations to analyze the shale gas evolution
process.

Fig. 4 illustrates the comprehensive technical workflow of this
study, which integrates experimental characterization, theoretical
modeling, and numerical simulation to reconstruct the gas content
evolution in Marine-continental transitional shales (MCTS). The
framework begins with multi-temperature methane isothermal
adsorption experiments and gold-tube pyrolysis on low-maturity
shale samples, providing foundational data on adsorption
behavior and hydrocarbon generation kinetics. Subsequently,
three core models-hydrocarbon generation, reservoir porosity
evolution, and gas occurrence-are developed and calibrated
against experimental results. Finally, these models are coupled and
applied to simulate gas content evolution under both real and

Petroleum Science 23 (2026) 2330-2347

virtual burial-thermal histories, enabling quantitative analysis of
key geological controlling factors.

4.1. Hydrocarbon generation model

Organic matter serves as the fundamental source for hydro-
carbon generation, with both its type and content being critical
factors determining gas yields. MCTS mainly generate gaseous
hydrocarbons, with less oil components (He et al., 2022). There-
fore, when establishing the hydrocarbon generation model for
Type Il organic-rich shales, it is simplified by neglecting the liquid
hydrocarbons lost during primary migration, assuming that the
organic matter in the shale is entirely the carbon source for shale
gas. Additionally, shale gas reservoirs generally exhibit high ther-
mal mature and have entered the gas generation stage. At this
stage, the TOC content in the shale represents the residual organic
carbon content (TOC;), which is the amount of organic carbon
remaining after a hydrocarbon generation process. To accurately
simulate hydrocarbon generation potential and evolution, it is
essential to restore the current TOC; value to their original pre-
generation organic carbon content (TOC,). Integrating these con-
siderations, this study establishes the gaseous hydrocarbon gen-
eration model for MCTS as follows:

Y=TOC, x K x G (2)
In the equation, Y is thermal gas yield per unit shale mass, mg/g;
TOG, is original organic carbon content, %; K is organic matter type
correction factor, dimensionless; G is thermal gas generation per
unit TOC, mg/g TOC.

Multi-temperature methane
isothermal adsorption
experiments

Gold-tube pyrolysis of
low-maturity shale
samples

Experimental characterization

Hydrocarbon generation
kinetics model

Reservoir porosity
evolution model

Gas occurrence state

Theoretical modeling & Calibration

Model integration & cross-
calibration

Simulation under real
burial-thermal history

Simulation under virtual
burial-thermal history

Model coupling & Numerical simulation

Quantitative analysis of
gas content evolution

Identification of key
geological controlling
factors

Result analysis & application

Fig. 4. Comprehensive technical workflow integrating experimentation, modeling, and simulation for analyzing shale gas content evolution in MCTS.
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4.1.1. Gaseous hydrocarbon production model

Thermal simulation experiments (Fig. 3(c)) reveal that Type III
kerogen exhibits triphasic gas generation behavior with
increasing maturity: an initial slow growth phase, followed by
rapid acceleration, and ultimately stabilization at maximum
yield. The Logistic model equation is y = 1/(1 + e ), whose
sigmoidal profile matches organic matter generation patterns
(Kudryashov, 2015; Wu and Baleanu, 2014), provides the foun-
dation for our thermogenic gas yield (G) model. By integrating
pyrolysis data (gas yield, R,, and S, parameters) from experi-
mental samples, we derive:

B A
"B+ Cxe DRIE

where e is natural constant; A to E are constants.

Nonlinear regression analysis using the least squares method
yields the calibrated Eq. (4) with a determination coefficient (R?)
of 0.979. The derived model effectively captures three charac-
teristic phases of gas generation: (1) initial slow accumulation
(immature stage), (2) rapid gas escalation (peak generation
window), and (3) ultimate production plateau (post-maturity
phase). This triphasic behavior closely aligns with theoretical
hydrocarbon generation mechanisms, as visually demonstrated in
Fig. 5(a).

(3)

4.788

C = 0.0399 1 0260 x e 2796xR, 33408

(4)

4.1.2. Kerogen correction factor (K)

Hydrogen-to-carbon (H/C) ratio, oxygen-to-carbon (O/C) ratio,
and kerogen functional groups collectively govern kerogen's hy-
drocarbon generation capacity. Significant heterogeneity exists
among Type Il kerogen derived from distinct depositional settings
and precursor materials. Within Rock-Eval pyrolysis experiments,
S, represents the hydrocarbons generated from organic matter
pyrolysis, which has a significant impact on the thermal evolution
of gaseous hydrocarbons and is also an important indicator of the
rock's hydrocarbon generation potential (Hakimi et al., 2010;
Peters, 1986; Varma et al., 2018). Progressive thermal maturation
(increasing R,) promotes organic carbon conversion to mobile
gaseous hydrocarbons, resulting in systematic S, depletion in re-
sidual samples (Fig. 5(b)). To reflect the differences in hydrocarbon
generation potential between different shale samples, the kerogen
correction factor (K) is introduced. Here, the thermal simulation
residue of the Y23-3 sample is used as the standard, with its py-
rolysis S, value serving as the reference baseline. The kerogen
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correction factor for the Y23-3 sample is defined as K = 1. The
relationship between S, K, and R, also follows the Logistic model:

A

2=k g e e oeRE

(5)
In the equation, S, is pyrolytic hydrocarbon yield per unit TOC
mass in the 300-600 °C range, mg/g TOC; K is kerogen correction
factor, with the Y23-3 sample set to 1.

The fitting results are shown in Eq. (6), with an R? of 0.994
(Fig. 5(b)):

—5.296
—0.0328 — 0.0189 x e3-241xR,~3.224

Eq. (6) can be rearranged as:

Sy =K x (6)

o 0.0328 + 0.0189 x e3-241xR,—3.224 (7)
5.296

Using Eq. (7), K can be calculated for any Type III kerogen shale
sample using S; and R,, which can be used to correct for differ-
ences in hydrocarbon generation potential between any sample
and the Y23-3 sample.

K=5,

4.1.3. Organic carbon recovery coefficient (r)
The organic carbon recovery coefficient (r) is defined as the
ratio of TOC, to TOC;:

r = TOC,/TOC; (8)

The hydrocarbon generation potential (HGP) method is a classic
approach in petroleum system analysis for restoring original
organic carbon. Its theoretical basis lies in the principle of material
balance, which means that the organic matter in the source rock
maintains constant mass before and after hydrocarbon generation
(Pang et al., 2005). Organic carbon is considered to consist of two
parts: effective carbon and ineffective carbon. Ineffective carbon
remains inert throughout thermal maturation, whereas effective
carbon converts to hydrocarbons that are subsequently expelled.
The r is calculated based on the hydrocarbon generation potential
index (GPI = (S1 + S2)/TOC) as follows:

- 1 - 0.83 x GPI;/1000 9)
- 1-0.83 x GPI,/1000

where the constant (0.83) is effective carbon recovery coefficient;
GPI; is current hydrocarbon generation potential index at a certain
maturity, mg/g TOC; GPI, is original hydrocarbon generation

(b) 180
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Fig. 5. (a) Fitting results of the gaseous hydrocarbon production model. (b) The relationship between S, and R,
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Fig. 6. (a) Application of hydrocarbon generation potential theoretical model in MCTS; (b) type Il Kerogen organic carbon recovery coefficient.

potential index, corresponding to the R, threshold for expulsion,
mg/g TOC.

Fig. 6(a) presents the implementation of the hydrocarbon
generation potential model on Rock-Eval pyrolysis data from
MCTS, while Fig. 6(b) demonstrates calculated r for these sys-
tems. Analytical results reveal comparatively lower r-values
(£1.2 at R, 4.0%) in Type III kerogen-dominated MCTS,
exhibiting significantly reduced carbon restoration capacity
relative to their Type I/Il counterparts. The fitting results for r
are as follows:

Combining Egs. (8) and (10), the formula for calculating the
TOC, is:

{

4.2. Reservoir space evolution model

r=1,0<Ro <1

r— 0.0049 x (Ro — 1) + 0.049 x Ro + 1,Ro > 1 (10)

TOCo =TOC;,0<R, < 1
TOCo = TOC; x (0.0049 % (Ro—1)%>+0.049 x Ry + 1 ),R0>1

(11)

The investigation of shale porosity evolution originated from
early petrophysical studies stemming from analyses of mudstone
compaction and pore water expulsion. The widely recognized and
applied model in petroleum geology is Athy's effective stress-
porosity model (Athy, 1930). Under hydrostatic conditions where
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effective stress exhibits linear correlation with burial depth, the
porosity-depth profile follows an exponential decay function:
® = o X e—ka

@ is mudstone porosity, %; ¢o is initial porosity of fine-grained
sediments, %; Z is burial depth, m; e is natural constant, approxi-
mately 2.718; k is coefficient, related to the rock's physical
properties.

While Athy model provides a foundational framework, its
oversimplified nature fails to capture lithology-specific porosity
evolution in shales with varying mineralogical compositions, grain
size distributions, and burial histories (Fig. 7(a)). Advanced
petrographic analyses reveal that organic-rich shale reservoirs
predominantly contain organ porosity and hydrocarbon-induced
shrinkage fractures rather than intergranular mineral pores,
particularly in thermally mature systems hosting commercial gas
accumulations (Chalmers et al., 2012). Therefore, the reservoir
space evolution of shale during burial is influenced not only by
mechanical compaction and other physical diagenetic processes
but also by organic matter thermal evolution and clay mineral
transformation during thermal diagenesis (Liu et al., 2024).

Our previous work (Yang and Guo, 2020) established a process-
responsive model for MCTS through differential formalism:

dg(Z, Ro) =f(wy, wo)dZ

R, is average vitrinite reflectance measured in thermal simu-
lation experiments, %; wy is percentage of kaolinite, %; w, is per-
centage of other clay minerals, %.

(12)

(13)
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Fig. 7. (a) Evolutionary curves of mudstone porosity in different basins and formations. (b) Evolution process of multi-parameter porosity model for R, above 1.0% (modified by

Mondol et al., 2007; Yang and Guo, 2020).

This integrated model incorporates multiple controlling factors
(clay mineralogy, burial depth, and thermal maturity) through
differential analysis to characterize progressive changes in petro-
physical properties during maturation. It enables systematic
computation of porosity evolution trajectories for shales with
varying compositional assemblages and maturation histories
(Fig. 7(b)). This model also considers the effects of organic acid-
mediated dissolution, illitization of clay minerals, and
hydrocarbon-induced organic porosity development, making it
suitable for the quantitative calculation of pore space in high-
maturity shale gas reservoirs (Yang and Guo, 2020).

4.3. Methane occurrence model

Methane exhibits preferential solubility in petroleum phases
compared to aqueous systems. Therefore, the dissolved gas content
in Type III shale is negligible. Subsurface analyses demonstrate dis-
solved methane concentrations in formation waters typically
constitute < 3% of adsorbed gas inventories (Curtis et al.,, 2012).
Consequently, this study focuses exclusively on adsorbed and free
gas phases.

4.3.1. Adsorbed gas model

Within the Langmuir absolute adsorption model, systematic
correlations exist between Langmuir volume (Vp) and key
geological parameters (Fig. 8(a) and (b)). Robust inverse correla-
tions emerge between V; and formation temperature
(R? = 0.9854), while positive linear relationships V;-TOC associa-
tions (R* = 0.8508). Mineralogical constituents, including quartz
and clay percentages, demonstrate statistically insignificant re-
lationships with adsorption parameters.
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An empirical relationship between temperature, TOC, and V| is
established. Constrained by physical principles, V| must maintain
positive values while exhibiting temperature-dependent attenu-
ation. An exponential function is used as the main function to
establish the fitting formula. The TOC content affects the adsorp-
tion capacity but does not influence the trend, so it is used as the
coefficient in the main function. The specific formula is as follows:

(14)

V. is Langmuir volume of shale sample, cm?/g; T is temper-
ature,’C; a, b, and c are fitting coefficients.

Multivariate nonlinear regression analysis yields calibrated
coefficients (a = 0.3718, b = 2.0386, ¢ = 0.0073) with a composite
determination coefficient (R?> = 0.919), confirming robust predic-
tive capability. This formulation strictly maintains V| > 0 across
thermal maturation spectra, demonstrating operational validity
even under extreme burial conditions (>3,500 m depth) where
elevated geothermal gradients prevail (Fig. 9(a)).

Vi = (a x TOC + b) x e T

The established empirical formulation  governing
V1-TOC-temperature relationships is expressed as:
Vi =(0.3718 x TOC + 2.0386) x e~0-0073xT (15)

There is a strong linear correlation between Langmuir pressure
(P.) and temperature in Fig. 8(c). Thermodynamically, this rela-
tionship derives from adsorption enthalpy (AH) and entropy (As?)
through the Clausius-Clapeyron equation (Myers and Monson,
2002):

AsO

R

1nPL77R(T+273.15) +Inp (16)

AH is adsorption enthalpy, which is equal to the adsorption
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heat, kj/mol; As® is standard adsorption entropy, J-mol~! K~; R is
ideal gas constant, 8.3145 J-mol~! K~'; p® is standard pressure,
0.101 MPa; T is temperature, °C.

Regression analysis yields the temperature-dependent P| rela-
tionship (R? = 0.962, Fig. 9(b)):

lnPL:
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—1044.7

T+273.15

+3.9093 (17)

Combining Eqs. (16) and (17) with the Langmuir equation,
adsorbed gas (V) becomes:
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P x (0.3718 x TOC + 2.0386) x e 0.0073xT

V=
10447
P+ eT7273.1513:9093

(18)

V is adsorbed gas per unit shale mass at standard conditions,
cm3/g; P is pressure, MPa.

4.3.2. Free gas model

Free gas refers to unbound hydrocarbons occupying inter-
connected pore networks and fracture systems. Given the unpre-
dictable density variations in mixed hydrocarbon gases under
changing thermobaric conditions and compositional gradients,
coupled with pyrolysis evidence demonstrating methane domi-
nance (>98% vol.) in Type Ill kerogen-derived gases at high
maturity stages (R, > 2.0%), we adopt methane as the represen-
tative free gas component. Crucially, adsorbed-phase methane
occupies measurable pore volume (Law et al., 2003), necessitating
storage space correction through:

Viree = VP — Vads (19)
Viee 1S maximum free gas storage capacity, cm?/g, in-situ condi-
tions; V) is total accessible porosity, cm’/g; V.ds is adsorbed gas
volume under formation conditions, cm?/g.

The relationship between pore volume and porosity is given by:

@

Vo= 100 x prock

(20)

@ is subsurface shale porosity from multi-porosity modeling, %;
Prock is bulk density of in-situ shale, g/cm?>.
The adsorbed gas volume can be expressed as:

Vads = Vads_s % ZStd

(21)

ads

Vads_s is adsorbed methane volume per unit mass of shale at
standard conditions, cm?/g; psta 1S methane density at standard
conditions, 0.716 x 1073 g/cm?; p.4s is density of adsorbed
methane, g/cm>. It is generally assumed that the density of
adsorbed methane does not exceed 0.424 g/cm? (liquid methane
density at 0.1 MPa boiling point) or 0.373 g/cm® (van der Waals
volume estimation (Gasparik et al., 2013)).

Methane reaches supercritical state (Terticaq = —82.59 °C,
Pcritical = 4.59 MPa (Zhang et al., 2021)) at depths > 500 m where
conventional PVT equation become invalid. High-precision methane
density calculations in the supercritical state are based on the
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Fig. 10. Dependence of supercritical methane density on thermobaric conditions.
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equation of state proposed by Setzmann (Setzmann and Wagner,
1991), with NIST providing implementation parameters (Fig. 10).

The volume of free methane at standard conditions can be
expressed as:

PNIST
Pstd

(22)

Viree_s = Vfree X

Viee_s 1S maximum free gas content at standard conditions, cm’/g;
pnist 1S NIST-derived methane density under in-situ reservoir
conditions.

By integrating Eqgs. (20) and (21) the formation—condition free
gas capacity is derived as:

ads

@

B . PNIST
100 x prock

Pstd

Viree_s = < (23)

5. Discussion

5.1. Gas content evolution in the Shanxi Formation, Southern North
China Basin

Y22 Well in the Southern North China Basin was selected as a
typical well to simulate the evolution of shale gas content using
our integrated models. These models simulated dynamic varia-
tions in adsorbed gas, free gas, and total gas content throughout
geological history. The Permian Shanxi Formation in Y22 Well
exhibits complex process of subsidence and uplift, and currently
resides at high thermal maturity (R, = 3.2%), which allows for a
good reflection of the shale gas generation and occurrence state
evolution during organic maturation.

5.1.1. Burial-thermal history

The Basin underwent rapid crustal thinning under
Permian-Triassic (284-200 Ma) extensional tectonics (Tang et al.,
2018), accompanied by progressive increases in paleo-heat flow
(90 - 110 mW/m?) and geothermal gradients (35 — 45 °C/km).
Subsequent Yanshanian-Himalayan compression induced struc-
tural differentiation, with intense uplift (>2 km denudation) in the
Taikang Uplift sector. This tectonic phase coincided with peak
hydrothermal activity (180-120 Ma), evidenced by widespread
volcanoclastic deposits and calibrated thermal indicators. Using
PetroMod software, the burial and thermal history (by EasyR,
model) of the Shanxi Formation in Well Y22 of the Taikang Uplift
was reconstructed and calibrated with current measured R, data
(Fig. 11).

Factors and explanations not considered in the simulation
process: (1) Unaccounted for overpressure: undercompaction,
hydrocarbon generation, and poor fluid expulsion often lead to
overpressure during burial, but paleopressure quantification re-
mains elusive, and this study lacks relevant data support.
Furthermore, due to multistage Cenozoic uplift events and ad-
justments, the Shanxi Formation shale is currently at hydrostatic
conditions, so overpressure is not considered in this study. (2)
Unaccounted for formation water occupying adsorption sites: in
fact, the water saturation significantly affects shale adsorption
capacity. When there is a small amount of water, the shale's
adsorption capacity rapidly decreases (Ma and Yu, 2020), and
formation water also occupies pore space, affecting free gas con-
tent. However, since it is difficult to predict the formation water
saturation during geological history, this study simulates the
“maximum” gas content under the assumption of no water, which
reflects the shale reservoir's maximum gas storage capacity (Hao
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et al.,, 2013). The actual gas content should be lower than this
value.

5.1.2. Evolution stages and characteristics

The MCTS reservoir of the Shanxi Formation in Y22 Well has a
current TOC content of 2.4%, a vitrinite reflectance of 3.2%, and
burial depth of 2732.5 m. As illustrated in Fig. 12, the evolutionary
process can be roughly divided into seven distinct phases (Stages
A-G):

Stage A: During this phase, the strata undergo rapid subsidence
to approximately 1500 m burial depth. Thermally immature or-
ganics (R, < 0.4%) show negligible thermogenic gas generation,
while potential biogenic methane production (excluded from this
analysis) may occur (Park and Liang, 2016). Characterized by me-
chanical compaction of unconsolidated fine-grained sediments,
this stage features intense porosity reduction (53%—20%) driven
by interstitial water expulsion through developing permeability
pathways.

Stage B: Sustained burial elevates formation temperature
(>70 °C) and pressure, driving organic maturation
(Ro = 0.4%-1.3%). Kerogen-derived organic acids have a corrosive
effect on minerals such as K-feldspar in the shale, which signifi-
cantly increases porosity and forms dissolution windows (Ma
et al., 2022). The main feature of this stage is that as gaseous hy-
drocarbons continue to increase, natural gas is adsorbed onto the
surfaces of organic matter and clay minerals. Due to the increase in
temperature, the maximum adsorbed gas volume decreases. By
the end of this stage, the total gas generation volume is sufficient
to meet the shale's adsorbed gas capacity.

Stage C: At burial depths exceeding 3000 m (EasyR, > 1.3%),
hydrocarbon generation peaks through thermal cracking of
kerogen and early-formed hydrocarbons. Methane-dominated gas
migrates into pore networks, predominantly occupying free-phase
states. Elevated thermobaric conditions reduce maximum
adsorption capacity (refers to the maximum amount of natural gas
that a unit mass of shale can adsorb under specific temperature
and pressure conditions when saturation is reached) by 40%-45%,
triggering partial desorption and phase transition to free gas.
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Supercritical methane (density > 128 g/L, 178 xSTP methane den-
sity) achieves exceptional storage efficiency under these condi-
tions. By the end of this stage, shale porosity has decreased to 3.5%,
and both adsorbed gas and free gas content have reached satura-
tion, at 0.67 and 2.21 cm?/g, respectively.

Stage D: Progressive burial reaches maximum depths (3,700 m)
with thermal maturation exceeding EasyR, > 2.0%, transitioning
organic matter into the overmature phase. Type III kerogen still
has some gas generation potential in the overmature stage, the
organic matter continues to generate gas. This stage corresponds
to the late diagenetic B period, during which clay minerals evolve
into regular and dense illite and illite-smectite mixed layers (Wang
etal., 2023). As the overlying pressure and effective stress continue
to increase, porosity gradually decreases to its minimum value.
During this process, both the maximum free gas and maximum
adsorbed gas volumes decrease. These gases, along with newly
generated gaseous hydrocarbons, are expelled into adjacent
sandstone reservoirs or shallow layers. This expulsion drives a
rapid increase in expelled gas volume until it peaks.

Stage E: Tectonic reversal occurs, and the strata are compressed
and uplifted. Organic maturation continues at decelerated rates
(EasyR, still increasing), generating a small number of hydrocar-
bons. Tectonic activity and depressurization improve the shale
reservoir to some extent, slightly increasing porosity and the
maximum free gas volume. The decrease in temperature also
slightly increases the maximum adsorbed gas volume. A small
amount of hydrocarbons generated during this stage partially re-
plenishes the adsorbed gas, while the remaining portion enters the
pores and replenishes the free gas volume, causing the in-situ gas
content to rise correspondingly.

Stage F: The strata continue to experience significant uplift,
halting thermal evolution and hydrocarbon generation. The in-situ
gas content peaks at 1.94 cm?/g. As temperatures drop markedly,
the maximum adsorbed gas volume increases considerably. The
primary characteristic of this stage is the conversion of free
methane into adsorbed methane within the pores. Around 100
million years, the free gas volume and adsorbed gas volume reach
their values simultaneously, each at 0.97 cm?/g.
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Y22 well, Shanxi Formation, TOC = 2.4%, R, = 3.2%, Depth = 2732.5 m
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Fig.12. Displays the evolutionary simulation results of shale gas content in Well WC1 of the Shanxi Formation. The thermal maturity model is based on the EasyR, model from the

PetroMod 1D basin modeling software. The porosity model incorporates Yang et al.'s approach, accounting for shale thermal processes and clay mineral content (Yang and Guo,
2020). Gas expulsion from the shale occurs once hydrocarbon generation surpasses the maximum storage capacity, which includes both free gas and adsorbed gas.
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Table 3
Statistical table of simulation parameters for various virtual burial processes.
ID TOC, % Maximum Uplift Paleo-heat flow, Pressure Ro, % Remarks
burial depth, m amplitude, m mW/m? coefficient
T1 0.5 4371 2881 / 1.0 (Normal pressure) 32 The burial and thermal
T2 1 history are consistent with
T3 1.5 Well Y22,
T4 2
T5 3
T6 4
T7 6
T8 8
T9 10
D1 3 2500 1000 65 1.15 /
D2 3000 1.58
D3 3500 2.18
D4 4000 2.84
D5 4500 3.55
U1 3 4000 0 65 3.19 /
U2 500 2.83
u3 1000 2.66
U4 2000 2.44
H1 3 4000 2000 50 1.46 /
H2 55 1.76
H3 60 2.1
H4 65 2.44
H5 70 2.83
H6 75 323
P1 3 4000 0 65 1.0 3.19 Overpressure occurs when
P2 1.1 EasyR, = 1.2%; the
P3 1.2 overpressure reaches its
P4 13 maximum when

EasyR, = 2.0%.

Stage G: The strata undergo secondary burial, yet the burial
depth remains below the historical maximum burial depth,
causing thermal evolution to cease. However, temperature and
pressure continue torise, including a decrease adsorbed gas and its
transformation into free gas.

5.2. Controlling factors of shale gas content evolution

The factors influencing in-situ gas content are intricate and
multifaceted. The natural gas currently retained present in shale
reservoirs results from the combined effects of initial depositional
conditions (Chen et al., 2023), reservoir evolution (Jin and Nie,
2022), burial processes (Tang et al., 2021), thermal processes
(Guo et al., 2023) and pressure evolution (Li et al., 2023). To gain a
better understand of how each individual factors impacts the in-
situ gas content in shale, virtual burial and thermal histories
have been established. Furthermore, by combining shale evolution
models with a control variable approach, this study delves into the
dominant controlling factors that control in-situ gas content in
shale. Simulation parameters are presented in Table 3, and the
simulation results are illustrated in Fig. 13.

5.2.1. TOC

TOC is a key factor in evaluating shale gas as it affects both
hydrocarbon generation and the adsorption capacity of shale (Pan
et al., 2020). By vary the TOC content while holding burial and
thermal histories constant, the shale's gas content evolution can
be compared (Table 3). The results show (Fig. 13) that a positive
correlation between TOC and in-situ gas retention. Adsorbed gas
content is most affected by TOC, especially after uplift, where
adsorbed gas content is significantly influenced by TOC. Once TOC
exceeds 2%, free gas can fill the pores, and its content becomes less
dependent on TOC and more on pore volum e. As TOC increases,
hydrocarbon generation also increases, and the reservoir reaches
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hydrocarbon saturation and expulsion earlier. Thus, in specific
burial processes, especially when the focus is on shallow shale gas
reservoirs (depths < 2000 m), adsorbed gas should be the primary
consideration, with TOC content being a crucial factor in
evaluation.

5.2.2. Maximum burial depth

The burial process significantly impacts the temperature,
pressure, and duration of shale's geological history (Fu et al., 2023),
thereby affecting thermal maturation, hydrocarbon generation,
and reservoir evolution. To investigate the influence of maximum
burial depths on shale for gas occurrence, different maximum
burial depths were simulated under similar burial processes
(Table 3). The results reveal (Fig. 13) that maximum burial depth
considerably affects maturity. For five virtual samples with
maximum burial depths from 2500 to 4500 m, maturity ranges
from 1.2% to 3.6%, spanning various gas generation stages. Greater
burial depths lead to higher maturity and enhanced gas genera-
tion. However, maximum burial depth also significantly affects
shale porosity. Deeper burial cause earlier onset of acidification
and porosity enhancement, resulting in a denser reservoir (Li et al.,
2016). Thus, there is a trade-off between hydrocarbon generation
and reservoir space. An optimal maximum burial depth can
enhancement shale gas enrichment. Under a paleo-heat flow of
65 mW/m?, the results show that samples D1 and D2 with shal-
lower burial depths, exhibit low maturity and limited hydrocarbon
generation, failing to reach the shale's maximum gas storage ca-
pacity. In contrast, samples D4 and D5, which experienced deeper
burial, underwent strong diagenesis with significant compaction
and early-stage dissolution. While they generated substantial gas,
most of it was expelled. Sample D3, with the highest current in-
situ gas content, had a maximum burial depth of 3500 m and a
current EasyR, of 2.2%. This suggests that the combined effects of
burial depth and thermal history on gas content are complex and
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ig. 13. Evolutionary simulation results of gas content under various virtual burial conditions.
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require case-specific analysis under different thermal histories and
TOC conditions.

5.2.3. Uplift amplitude

In China, since the Triassic period, sedimentary strata have
generally undergone uplift and erosion, with varying degrees of
uplift across different regions. During uplift, the decrease in tem-
perature and pressure leads to the cessation of organic matter
thermal maturation and also affects the density of free gas and the
adsorption capacity of shale (Miao et al., 2023). By maintaining a
constant thermal history and TOC content while varying uplift
amplitudes (0-2000 m) for burial processes (Table 3), the impact
of uplift amplitude on in-situ gas content can be explored. The
results show (Fig. 13) that under the same maximum burial depth
but different uplift amplitudes, the thermal maturity of shale
varies. When the uplift amplitude is 0 m or 500 m, maturity still
increases slowly. After an uplift amplitude of 1000 m, the thermal
maturation ceases. Uplift causes free gas to transform into adsor-
bed gas, with some free gas being expelled. This occurs because the
reduction in temperature and pressure lowers the density of free
gas, causing it to expand and exceed the pore volume of the
reservoir. Overall, the total gas content decreases with increasing
uplift amplitude. Sustained burial and late-stage uplift are more
favorable for shale gas enrichment compared to early-stage uplift.

5.2.4. Geothermal gradient

Geothermal temperature, paleo-heat flow, and thermal events
are the primary controls on shale maturity, which in turn affects
the history of hydrocarbon generation and diagenetic evolution. By
setting different paleo-heat flow values (50-75 mW/m?), the
impact of thermal history on shale gas content can be discussed
(Table 3). The results indicate (Fig. 13) that paleo-heat flow has a
complex effect on gas content. Very high heat flow causes organic
matter to mature and generate hydrocarbons rapidly, with intense
diagenesis. This leads to the expulsion of a large amount of gaseous
hydrocarbons before the maximum burial depth is reached, pre-
venting the full retention of natural gas within the shale. On the
other hand, very low heat flow inhibits the complete maturation of
organic matter, resulting in insufficient hydrocarbon generation to
fill the shale's storage capacity. Under this burial process, a paleo-
heat flow of 55-60 mW/m? yields the maximum in-situ gas
content.

5.2.5. Overpressure

Successful shale gas fields in China, such as the Fuling and
Jiaoshiba fields in the Sichuan Basin, exhibit overpressure char-
acteristics. By setting different hydrocarbon-expulsion pressure
gradients (Table 3), this study explores the impact of overpressure
on shale reservoir storage capacity. The results show (Fig. 13) that
overpressure mainly influences free gas content, as the density of
supercritical methane increases with pressure. At high tempera-
tures, pressure has a weak effect on adsorbed gas, and the shale’s
adsorption capacity also decreases at elevated temperatures. It
should be noted that this model does not consider the over-
pressure and reservoir transformation caused by tectonic
compression. In reality, overpressured reservoirs are more signif-
icant for reflecting the reservoir's sealing and preservation con-
ditions (Hao et al, 2013; Jin and Nie, 2022). Therefore,
overpressure has a greater impact on shale gas enrichment than
suggested by this simulation.

6. Conclusion

Based on experiments such as methane isothermal adsorption
and gold-tube pyrolysis under formation conditions, an integrated
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model for hydrocarbon generation, reservoir space evolution, and
natural gas occurrence in MCTS has been established. The Shanxi
Formation shale in the Southern North China Basin exhibits a
seven-stage (A-G) evolution pattern. Critical thresholds include:
dissolution-enhanced reservoir modification at EasyR, = 1.0%;
adsorbed gas saturation at EasyR, = 1.3%; dual saturation of free
and adsorbed gas at EasyR, = 2.0%; and free-to-adsorbed gas
conversion during tectonic uplift.

The evolution of gas content in transitional shales is subject to
complex control by multiple factors. TOC shows a significant
positive correlation with gas content, particularly influencing
adsorbed gas storage capacity in the post-uplift period. Maximum
burial depth and paleo-heat flow exhibit complex nonlinear ef-
fects. Tectonic uplift magnitude negatively impacts total gas con-
tent by reducing pressure/temperature and inducing gas phase
transitions. Overpressure enhances free gas storage through
increased supercritical methane density.

This study reveals the coupled evolution mechanism of shale
gas generation-storage-occurrence in MCTS, providing a quanti-
tative framework for evaluating shale gas resources in transitional
facies. The identified optimal conditions (moderate burial depth,
balanced heat flow, and enriched TOC) offer guidance for targeting
high-potential exploration zones in similar geological settings
globally.
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